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ABSTRACT: Oilfields worldwide are increasingly grappling with challenges such as early water breakthrough and
high water production, yet direct, targeted solutions remain elusive. In recent years, chemical flooding techniques
designed for tertiary oil recovery have garnered significant attention, with microgel flooding emerging as a particularly
prominent area of research. Despite its promise, the complex mechanisms underlying microgel flooding have been
rarely investigated numerically. This study aims to address these gaps by characterizing the distribution of microgel
concentration and viscosity within different pore structures. To enhance the accuracy of these characterizations, the
viscosity of microgels is adjusted to account for the shear effects induced by flow rate and the swelling effects driven by
salinity variations. The absolute permeability of the rock and the relative permeability of both oil and microgel are also
analyzed to elucidate the mechanisms of microgel flooding. Additionally, a connectivity model is employed to achieve
a quantitative representation of fluid flow capacity. The proposed model is validated through conceptual examples and
applied to real oilfield blocks, demonstrating its accuracy and practical applicability.

KEYWORDS: Connectivity model; chemical enhanced oil recovery; microgel flooding; numerical reservoir simulation;
fractured reservoirs

1 Introduction

Oilfields encounter numerous challenges after entering high water-cut stage following extended periods
of water injection. The water content of production wells in mature oilfields typically exceeds 90%, with
annual declines in production making it increasingly difficult to maintain output through water injection [1].
However, a substantial amount of remaining oil in the reservoir remains inaccessible due to water flood-
ing [2]. Statistics show that conventional water flooding usually leads to the recovery of only one-third to
two-fifths oil from the geological reserves [3]. Therefore, replacing water flooding with advanced oilfield
development technologies is a key approach for sustaining production in mature oilfields [4–7].

Enhanced oil recovery methods are employed to increase the production of hydrocarbon from reser-
voirs after primary and secondary recoveries. One of the successfully employed techniques is polymer
flooding, which has shown significant improvements in both oil production and water management
[8–11]. This technique is crucial for extracting trapped oil from mature oilfields, thereby increasing their
effectiveness and lifespan. However, the effectiveness of polymer flooding in highly heterogeneous reservoirs
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decreases during the mid-to-late stages of development. This decrease is due to reservoir heterogeneity
and polymer retention, which can lead to “liquid absorption profile reversal.” This reversal hinders the
effective production of medium- and low-permeability layers and limits the expansion of the swept volume,
exacerbating interlayer conflicts and significantly reducing the efficiency of polymer flooding [12–14]. In
response, microgel (also known as cross-linked polymer or movable gel) flooding has emerged as a novel
technology for enhanced oil recovery.

Microgels demonstrated desirable performance in conformance control compared with uncrosslinked
polymers and also showed to be a better candidate for in-depth penetration than polymers and bulk gels due
to their viscoelastic properties [15]. Moreover, microgels do not have the disadvantages of pre-made gels,
and the gelation parameter no longer an issue. Microgels can also be injected into the reservoir in formation
water as a low-viscosity suspension. Most interestingly, microgels can selectively change the permeability,
and the microgel selectively reduces the water permeability without reducing the oil permeability. Therefore,
no occurrence of formation damage is expected, because their viscoelastic structure and flexibility allow
oil to pass through low-permeability zones. Numerical modeling of polymer and gel propagation in porous
media has been extensively studied to predict flow behavior, displacement efficiency, and interactions with
reservoir heterogeneities [16–18]. However, there are many simulation parameters and complex calculations
in polymer flooding, and it is difficult to balance simulation accuracy and speed in practical applications.

In this study, the concentration distribution of microgels in different pores was characterized to
determine the particle phase separation and the corresponding viscosity distribution was determined. The
viscosity of the microgel was corrected by considering the shear and swelling effect caused by the flow rate
and salinity, respectively. The mechanism of microgel flooding was described by characterizing the absolute
permeability of rock and the relative permeability of oil and microgel. Based on the connectivity model
proposed by Zhao et al. [19], we characterize the dual-medium model considering the influence of cross-flow
and realize the quantitative characterization of fluid flow capacity. By verifying the conceptual examples and
applying actual blocks, the accuracy of the model proposed in this paper is verified, which can accurately
reflect the mechanism of microgel flooding.

2 Characterization of the Oil Displacement Mechanism of Microgel-Based Chemical Agents
Microgels are excellent examples of acrylamide-based covalently cross-linked polymeric gels, with

particle sizes varying between 0.3–2 μm. When the particle size was less than 1 μm, the concentration of
the microgel solution in the pores of different sizes remained uniform due to Brownian motion. However,
microgel particles tend to preferentially enter larger channels with lower resistance and higher flow rates,
carried by the fluid. This causes the carrying fluid to enter smaller channels with lower flow rates, resulting
in particle phase separation [20]. In other words, microgel agents can seal large pore channels while
leaving smaller ones unsealed. Based on this property, Sun et al. [21] proposed a mathematical model for
quantitatively calculating the microgel concentration distribution.

Assuming there are N outlets, the fractional flow of fluid through each outlet is expressed as follows:

xi =
qi

N
∑
i=1

qi

(1)

where xi is the fractional flow rate at outlet i, uncaused, and qi is the flow rate at outlet i, m3/s.
When the flow rate through an outlet is less than or equal to a certain value xi

∗, the microgel
concentration in that channel is zero. This value xi

∗ is then defined as the critical flow rate.
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The concentration distribution of the microgel solution is expressed as follows:

⎧⎪⎪⎪⎪⎪⎪⎪⎨⎪⎪⎪⎪⎪⎪⎪⎩

yi (xi) = 0 xi ≤ xi
∗

yi (xi) = a + 1 − a
Nxi

1 − xi
∗ ≥ xi > xi

∗

yi (xi) =
1

xi
xi > 1 − xi

∗

(2)

where yi is the concentration of the microgel solution, a is an experimentally determined parameter of the
equation, and N is the number of connected channels.

Based on Thurston et al., defined the viscosity–concentration relationship for a microgel solution is
expressed as follows [22]:

μl = μw (1 + r yi + sy2
i ) (3)

where μl is the viscosity of the microgel solution, μw is the viscosity of the aqueous phase, r and s are the
experimentally determined model parameters, and yi represents the concentration of the microgel solution,
which is calculated using Eq. (2).

Under the influence of the flow rate, the viscosity of the microgels exhibits shear thinning, a stable state,
and a shear thickening behavior in succession. In this study, we employed a hybrid rheological framework
that combines the cross model for shear thinning behavior and a modified stress-dependent term to account
for shear thickening at higher shear rates. To capture the continuous transition between these regimes, a
blending function was used, ensuring that the model remained physically realistic and computationally stable
at all shear rates. The viscosity is expressed as a function of shear rate:

μ = μl (1 + ( γ
γc
)

n

)
−1

+ αγm (4)

where μl is the zero-shear viscosity, γc is the critical shear rate, n is the shear thinning index, α is a
proportionality constant, and m is the shear thickening index.

The swelling behavior of microgel particles is influenced by salt concentration and is modeled using the
swelling ratio formula as follows:

Q = Q0 (1 + ksCs)−1 (5)

where Q0 is the swelling ratio in deionized water, Cs is the salinity concentration, and ks is an empirically
derived parameter that reflects salinity sensitivity.

The swelling of microgel particles, influenced by the ionic strength, is explicitly modeled. The swelling
ratio (Q) determines the effective particle volume fraction, which directly affects the viscosity:

μ = μ ( ϕ
ϕmax (Cs)

)
p

(6)

where ϕmax is the salinity-dependent maximum packing fraction and p is a scaling exponent based on
experimental data.

Multiple mechanisms influence reservoir fluid seepage after the injection of a microgel solution into the
formation. The microgel solution alters the pore structure of rock, thereby affecting its absolute permeability.



1194 Fluid Dyn Mater Process. 2025;21(5)

However, the microgel solution interacts with crude oil, resulting in changes to the relative permeability of
both the oil phase and the microgel.

Based on the theory proposed by Abdelgawad [23], the relationship between the absolute permeability
reduction factor of the rock and the concentration of the microgel solution is given by the following:

Rk = 1 + bk yi

1 + ck yi
(Rk ,max − 1) (7)

where Rk is the absolute permeability decline coefficient of the rock, bk and ck are the experimentally
determined coefficients of the equation, and Rk ,max is the maximum permeability decline coefficient.

The relative permeability of the oil phase to the microgel solution is expressed as follows:

kr p =
k0

rw
1 + ak1 X + ak2 X2 ⋅ (

Sw − Swr

1 − Swr − Sor
)

e p1
(8)

kro =
k0

ro
1 + ak1 X

⋅ ( Sw − Swr

1 − Swr − Sor
)

e p2
(9)

where k0
ro and k0

rw are the relative permeability equation coefficients of the oil and water phases, respec-
tively, Sw is water saturation, Swr is bound water saturation, Sor is residual oil saturation, ak1 and ak2

are the experimentally measured equation parameters, and ep1 and ep2 are the experimentally measured
equation indices.

3 Construction of Connectivity Model for Microgel Chemicals

The reservoir is discretized and simplified into a series of connected units, which are then used to
establish material balance equations and perform pressure calculations. The inter-well connectivity model
treats well sites as fundamental units and simplifies the complex geological description of the inter-well area
into two key characteristic parameters, namely, inter-well conductivity and connectivity volume. The inter-
well conductivity represents the seepage velocity per unit pressure difference, effectively reflecting the average
seepage capacity and dominant conductivity direction between wells. The connectivity volume represents the
material basis of the connectivity unit, indicating the range and volume of the inter-well water-drive control.

Assuming that i and j are oil recovery and water injection wells, respectively, the connected volume
(Eq. (10)) and the connectivity conductivity (Eq. (11)) at the initial moment are calculated as follows:

V 0
p , i , j =

ϕi , jhi , jLi , j

∑NW−1
i=1 (∑NW

j=i+1 ϕi , jhi . jLi , j)
VR (10)

T0
i , j = α

ki , jV 0
p , i , j

μ0ϕi , jL2
i , j

(11)

where ϕi , j is the arithmetic mean porosity between wells i and j at the initial moment, hi , j is the thickness
between wells i and j, ki , j is the permeability between wells i and j at the initial moment, Li , j is the well
spacing between wells i and j, Nw is the total number of wells, μ0 denotes the crude oil viscosity, VR is the
pore volume of the reservoir, and α is the unit conversion factor.
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If the concentration of the microgel solution in the connecting channel between wells i and j at a given
moment is yi j, the permeability decline factor Rk , i , j at that moment can be obtained according to Eq. (7) as
follows:

Rk , i , j = 1 +
bk yi j

1 + ck yi j
(Rk ,max − 1) (12)

Therefore, the permeability ka , i , j of the connecting channel between wells i and j currently is

ka , i , j = [1 +
bk yi , j

1 + ck yi j
(Rk ,max − 1)] ki , j (13)

The fractured reservoir was modeled as a dual-medium system consisting of a matrix and fractures. The
channeling effect between the fracture and matrix is considered, and separate material balance equations
are established for the matrix and fracture systems. Since the microgel chemical agent is characterized by
its ability to plug large pores while leaving smaller pores unobstructed, the microgel solution is directed
exclusively into the fracture system and does not enter the matrix system. Therefore, permeability changes in
the matrix system are not considered. Instead, only the permeability changes in the fracture system resulting
from the injection of the microgel solution are characterized.

Thus, the material balance equations for the matrix and the fracture systems are expressed as follows:

Nl

∑
k=1

Nw

∑
j=1

α
km , i , jVp , i , j

ϕm , i , j μoL2
i j
(p jm − pim) − τi jkm f + qim =

d pim

dt

Nl

∑
k=1

CtkVi km (14)

Nl

∑
k=1

Nw

∑
j=1

α
[1 + bk yi j

1+ck yi j
(Rk ,max − 1)] k f , i , jVp , i , j

ϕ f , i , j μoL2
i j

(p j f − pi f ) + τi jkm f + qi f =
d pi f

dt

Nl

∑
k=1

CtkVi k f (15)

where Nw is the number of wells connected to well I, Nl is the number of reservoir layers, and qim and qi f are
the fluid flow rates of well i in the source and sink phases of the matrix and fracture systems under reservoir
conditions, in m3/d, respectively. If well i is a producing well, the fluid volume is positive; if it is an injection
well, the fluid volume is negative. pim and p jm are the partial pressures of wells i and j in the matrix system,
in MPa, respectively, with 7 and 8 as the partial pressures of wells i and j in the fracture system, in MPa,
respectively; pi f and p j f are the partial pressures of wells i and j in the fracture system, in MPa, respectively;
τi jkm f is the fracture flow rate between the matrix and the fracture systems between wells i and j in the k-th
layer, in m3/d; Ctk is the integrated compression coefficient of the k-th layer, in MPa−1; Vi km and Vi k f are the
control volumes of well i in the matrix and in the fracture of the k-th layer, in m3, respectively; km , i , j and
k f , i , j are the average permeability of the matrix and fracture, in mD.

The fugitive flow rate between the matrix and the fracture is calculated as follows:

τi jkm f =
αKm

μ
(pim − pi f ) (16)

Pressure at time n can be obtained by using the above formula to calculate the pressure at time n−1.
When the model operates under constant liquid production, the relationship between the pressure at time n
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and the pressure at time n−1 is given by the following:

⎛
⎜⎜⎜⎜
⎝

ω1 f pn−1
1m + ω1m pn−1

1 f
ω2 f pn−1

2m + ω2m pn−1
2 f

⋮
ωNw f pn−1

Nw m + ωNw m pn−1
Nw f

⎞
⎟⎟⎟⎟
⎠

=

⎛
⎜⎜⎜⎜⎜⎜
⎝

A1 −B1 (ηn
12m + ηn

12 f ) ⋅ ⋅ ⋅ −B1 (ηn
1Nw m + ηn

1Nw f )
−B2 (ηn

21m + ηn
21 f ) A2 ⋅ ⋅ ⋅ −B2 (ηn

2Nw m + ηn
2Nw f )

⋮ ⋮ ⋅ ⋅ ⋅ ⋮
−BNw (ηn

Nw 1m + ηn
Nw 1 f ) −BNw (ηn

Nw 2m + ηn
Nw 2 f ) ⋅ ⋅ ⋅ ANw

⎞
⎟⎟⎟⎟⎟⎟
⎠

⎛
⎜⎜⎜⎜
⎝

pn
1 f

pn
2 f
⋮

pn
Nw f

⎞
⎟⎟⎟⎟
⎠

+

⎛
⎜⎜⎜⎜
⎝

C1
C2
⋮

CNw

⎞
⎟⎟⎟⎟
⎠

(17)

ωim =
Δtn

Nl

∑
k=1

CtkV n
i km

; ωi f =
Δtn

Nl

∑
k=1

CtkV n
i k f

; ηn
i jm =

Nl

∑
k=1

T n
i jkm ; ηn

i j f =
Nl

∑
k=1

T n
i jk f ; φim =

Nw

∑
j=1

ηn
i jm ; φi f =

Nw

∑
j=1

ηn
i j f ;

Ai = (ωim + ωi f ) + ωimωi f (φim + φi f ); Bi = ωimωi f ; Ci = ωimωi f
⎛
⎝

Nw

∑
j=1

ηn
i j f

μτn−1
i jkm f

αKm
−

μτn−1
i jkm f

αKm
φi f
⎞
⎠

− ωim
μτn−1

i jkm f

αKm
− ωimωi f qn

i

The Buckley–Leverett theory can be applied to track saturation after the completion of the pressure
solution. The specific principles and calculation processes are detailed in the article by Zhao et al. [24]. As
introduced in the previous section, corrections to the viscosity and relative permeability of the microgel
solution are necessary, as shown in Eqs. (3) and (8). Then, the water content was calculated using the
following formula:

fw = 1/(1 +
Kr p μl

Kro μo
) = 1/

⎛
⎝

1 +
Kr p μw (1 + r yi + sy2

i )
Kro μo

⎞
⎠

(18)

A numerical simulation method for microgel flooding was developed based on the above theory and
primarily consists of the following five steps:

1. The connectivity conductivity was calculated before microgel injection using the water-drive connec-
tivity model.

2. The splitting factor of the injection well for each surrounding channel was calculated based on the flow
rate of each channel.

3. The microgel solution concentration in each channel was calculated based on the critical splitting factor.
4. The absolute permeability reduction factor was calculated based on the concentration. The perme-

ability of each channel was determined after microgel injection. Finally, the connectivity conductivity
was corrected.

5. Production from each well is predicted based on the numerical simulation model.

4 Calculus Analysis
A four-injection model was established to validate the accuracy of the model proposed in this study. The

average pore sizes in the four directions were 14.08, 10.9, 6.2, and 3.4 μm. The daily oil production rate for the
oil wells was set at 10 m3, while the daily water injection rate for the water wells was set at 50 m3. After 1800
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days of water flooding, a 2.5 kg/m3 microgel solution was injected. Following microgel injection, no microgel
entered the smaller pore channels, as the partial flow rate was below the critical value of 0.1. However, the
microgel concentration in the larger pore channels reached 1.702 kg/m3, with a viscosity of 1.0017 mPa⋅s. The
permeability of the rock decreased to 93.8% of its initial value, and the flow distribution between channels
became more uniform.

Fig. 1 shows a comparison of conductivity before and after microgel injection. A significant reduction
in conductivity was observed between wells I1 and P1, with a 37% decrease following microgel treatment.
Similarly, conductivity between wells I1 and P2 decreased by 35%. Notable changes in conductivity were
also observed between other injection and production wells, particularly after microgel injection. These
changes indicate that the swelling characteristics of microgels, along with their flexibility and high elasticity,
facilitate the blocking of large pores while ensuring the smooth flow through small pores and achieving
selective plugging.

Figure 1: Conductivity comparison before and after the measures

The microgel selectively plugs high-permeability large pores, reduces cross-flow in the high-
permeability zone, increases fluid kinetic energy in smaller pores, improves sweep efficiency, and enhances
residual oil displacement. Additionally, the adjustable viscosity characteristics of the microgels effectively
match the reservoir conditions, achieving better mobility control and enhancing oil displacement efficiency.
This is ultimately reflected in the single-well productivity. The oil production rate of the block increased from
3.93 to 5.04 m3/d, demonstrating an improvement of 28.24%. Specifically, the production of wells P1, P2, P3
and P4 increased from 2.18, 0.92, 0.49 and 0.67 m3/d to 2.52, 1.36, 0.69 and 0.85 m3/d, respectively, as shown
in Fig. 2A–D).

5 Practical Block Applications
A complex medium-deep reservoir is characterized by a layered structure. In this study, the permeability

distribution of the reservoir ranged from 24.8 to 3721.4 mD, with an average permeability of 1079.8 mD,
indicating significant heterogeneity. The reservoir operates under normal temperature and pressure condi-
tions, and the crude oil viscosity ranges from 8.53 to 16.11 mPa⋅s. The reservoir contains three horizontal
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wells, i.e., C07H, C08H, and C10H, with C08H serving as the water injection well and C07H and C10H
serving as the production wells. The production commenced on 08 May 2014, and a total of 3006 production
days have been achieved to date. After 1135 days of production, a 1-month microgel chemical profile control
was conducted using a 2500-ppm microgel solution, which resulted in a noticeable increase in oil recovery
during the later stages. To validate the numerical simulation method for microgel flooding proposed in this
paper, a connectivity model of the reservoir was established to simulate the production of each well. The
simulation results were compared with actual production data. The left side of Fig. 3 shows the connected
conductivity field of the reservoir. It is worth noting that the repeated well names in the figure indicate that
the horizontal well is equivalent to multiple nodes. The right side of Fig. 3 displays a comparison of the oil
production rate of well A07H, where the blue curve and red circle represent the actual and simulated oil
production rates, respectively. As shown in Fig. 3, the model demonstrates a good simulation performance,
with a fitting rate close to 90%. After injecting the microgel solution, the simulation results closely followed
the actual production trend, confirming the accuracy of the microgel flooding numerical simulation model
proposed in this study.
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Figure 2: Oil production curves of the wells before and after plugging of P1 (A), P2 (B), P3 (C), and P4 (D)

Figure 3: Connected conductivity field diagram of the reservoir and oil production rate of well A07H
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6 Conclusion

(1) This paper introduces the oil displacement mechanism of a microgel chemical agent and quantita-
tively characterizes its fluid flow capacity.

(2) The solution viscosities at different pore scales is quantitatively characterized. A hybrid rheological
framework was used to adjust the viscosity, considering the swelling behavior of microgels under varying
shear rates and salinity conditions.

(3) Based on the dual-medium connectivity model, this study examines the impact of microgel flooding
on the absolute and relative permeabilities of rock and fluid. A numerical simulation model for microgel
chemical flooding was developed.

(4) The results from the conceptual example validation and real block application simulations demon-
strate that the proposed connectivity model accurately reflects the microgel flooding mechanism, with the
simulation outcomes fitting over 90% of the actual production data.
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