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ABSTRACT: This study explores the impact of salinity on fluid replacement during imbibition-driven oil recovery
through a series of core self-imbibition experiments. By integrating key parameters such as interfacial tension,
contact angle, and oil displacement efficiency, we systematically examine how variations in salinity level, ion type,
and ion concentration affect the imbibition process. The results demonstrate that the salinity of the injected fluid
exerts a strong influence on the rate and extent of oil recovery. Compared with high-salinity conditions, low-salinity
injection, particularly below 5000 mg⋅L−1, induces pronounced fluctuations in the replacement rate, achieving the
highest recovery at approximately 1000 mg⋅L−1. The interplay between interfacial tension and displacement efficiency
is jointly governed by both ion type and concentration. Moreover, changes in ionic composition can alter rock
wettability from oil-wet toward water-wet states, thereby enhancing imbibition efficiency. Among the tested ions,
Mg2+ and SO4

2− at low concentrations were found to be especially effective in promoting oil displacement.
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1 Introduction

With the increasing depletion of conventional oil and gas resources, the efficient development of
unconventional reservoirs such as low-permeability and tight reservoirs has become a major challenge
facing the global oil and gas industry [1–4]. Unconventional reservoirs are characterized by low permeability,
complex geological structures, and high development costs, making the development of efficient, economical,
and environmentally friendly enhanced recovery technologies particularly crucial [5,6]. Low-salinity water
flooding technology has garnered widespread attention as an economical and efficient method for enhancing
recovery [7–9]. Low-salinity water flooding technology has garnered significant attention as a cost-effective
method for enhancing oil recovery. Compared to traditional high-salinity brine, extensive core displacement
and imbibition experiments demonstrate that injecting low-salinity water can substantially improve crude oil
recovery rates through complex mechanisms. These include altering rock surface properties and reversing
wettability (shifting from oil-wet to water-wet conditions) [10–13]. Al-Saedi et al. [14] investigated the
mechanism of enhanced oil recovery in sandstone reservoirs using low-salinity water flooding through
laboratory experiments. Their analysis indicates that low-salinity water flooding can achieve higher
recovery rates even in the absence of clay; Xu et al. [15] investigated the effect of low-salinity water on
recovery in low-permeability cores through core displacement experiments and contact angle measurements.
Results indicate that reducing injection water salinity from 10,000 mg⋅L−1 to 5000 mg⋅L−1 enhances recovery
and transforms the reservoir into a hydrophilic state; Bijani et al. [16] by varying the dilution levels of
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seawater concentration, the study examined the impact of key factors on the performance and efficiency of
low-salinity water systems; Saeedi Dehaghani et al. [17]; Kakati et al. [18]; Hou et al. [19]; Saw et al. [20]
analyzed the effect of key ionic components in injection water on rock surface wettability. The results
indicate that different ion types and ion concentration exert varying influences on rock wettability; Meng
et al. [21]; Shahrabadi et al. [22] conducted tests on enhanced recovery through imbibition using nuclear
magnetic resonance technology, contributing to research on enhancing recovery rates by understanding the
imbibition behavior in unconventional reservoirs; Takeda et al. [23]; Yan et al. [24] demonstrated through
experiments that the potential semipermeability of reservoir rocks containing crude oil and saline water
can cause chemical osmosis upon exposure to the change in salinity difference; Roldán-Carrillo et al. [25];
Dabiri et al. [26]; Shi et al. [27] investigated the synergistic effect of low-salinity water and surfactant
mixtures on enhancing oil recovery by injecting low-salinity water. The results demonstrated that the
low-salinity water-surfactant mixture system significantly improves heavy oil recovery. Low-salinity
waterflooding relies on specific ion types, ion concentrations, and their synergistic effects within the water.
Currently, there remains no consensus on which ion combinations at what ion concentrations can most
effectively optimize interfacial tension and wettability to achieve the highest recovery. This study focuses
on low-permeability sandstone reservoirs. Building upon existing comparative research under high-and
low-salinity conditions, it further refines the continuous impact of salinity reduction from 50,000 mg⋅L−1
to 1000 mg⋅L−1 on oil recovery efficiency. The research independently analyzes the influence of each key
ion type and ion concentration, laying a theoretical foundation for the practical application of low-salinity
waterflooding technology.

2 Experimental Materials and Methods

2.1 Experimental Apparatus and Materials

Materials: 1⃝ Sandstone core. Sandstone cores were used for self-imbibition experiments, with
dimensions of approximately 4.80 cm in length and 2.50 cm in diameter. 2⃝ Crude oil. All cores utilized
the same crude oil with a density of 0.8 g⋅cm−3 and viscosity of 1.87 mPa⋅s. 3⃝ Simulated formation water.
Distilled water was used to prepare experimental brines of varying salinity levels as the aqueous phase for
core imbibition experiments.

Equipment: Core Evacuation and Pressure Saturation Apparatus; QTS-2 Gas Permeability Tester;
KXD-2 Gas Porosity Tester; SDT-KRUSS Rotating Drop Interfacial Tension Tester; JC2000D Contact Angle
Tester; Drying Oven; High-Precision Electronic Balance; Beaker.

2.2 Experimental Lithological Analysis

The results of gas measurement for porosity and permeability of the core samples are shown in Table 1.
Analysis of the data reveals: the maximum porosity was 11.35%, the minimum porosity was 5.030%, and the
average porosity was 8.19%; The maximum permeability was 0.61 mD, the minimum was 0.10 mD, and
the average permeability was 0.22 mD, classifying it as a medium-pore, very low to ultra-low permeability
reservoir (Table 1).

CorrelationAnalysis: The correlation coefficient between porosity and permeability is 0.5946, indicating
that there is a moderate positive correlation between them. Porosity and permeability exhibit an exponential
relationship: φ = 0.0206ln(K) + 0.1159 (Fig. 1).
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Table 1: Porosity and permeability test results.

Core Number Dry Weight/g Saturated Oil
Weight/g Length/cm Diameter/cm Gas Porosity

(%)
Gas

Permeability/(mD)

1 62.01 63.51 4.8 2.50 7.99 0.14
2 59.73 61.53 4.8 2.50 9.55 0.14
3 61.09 62.69 4.8 2.50 8.48 0.16
4 59.82 61.94 4.8 2.50 8.62 0.17
5 64.64 65.72 4.8 2.50 9.57 0.49
6 58.25 60.06 4.8 2.50 9.60 0.21
7 58.96 61.14 4.8 2.50 10.20 0.41
8 58.07 60.22 4.8 2.50 7.49 0.14
9 59.53 61.68 4.8 2.50 7.58 0.14
10 61.69 63.13 4.8 2.50 7.66 0.25
11 58.76 60.36 4.8 2.50 8.48 0.16
12 61.63 62.94 4.8 2.50 6.96 0.14
13 63.77 64.71 4.8 2.50 5.03 0.12
14 54.22 54.72 4.8 2.50 6.74 0.10
15 60.95 62.19 4.8 2.50 6.56 0.10
16 61.56 62.73 4.8 2.50 6.21 0.10
17 57.80 59.42 4.8 2.50 8.56 0.16
18 60.99 62.81 4.8 2.50 8.03 0.14
19 58.86 60.21 4.8 2.50 11.35 0.59
20 63.68 64.55 4.8 2.50 9.12 0.61

Figure 1: Correlation between permeability and porosity.

2.3 Evaluation of Lithological Analysis Results

Porosity and permeability are two key parameters for evaluating the reservoir capacity of rock and the
fluid mobility within it. Porosity represents the proportion of space in reservoir rock not occupied by solid
particles, influencing seepage characteristics; while permeability serves as an indicator of a reservoir rock’s
ability to allow fluid passage, making it crucial for assessing reservoir fluidity. Based on the aforementioned
lithological analysis, the core samples used in this experiment are low-permeability cores, which are highly
significant for simulating actual low-permeability reservoir conditions.

2.4 Experimental Procedure

The experimental flowchart is shown in Fig. 2. When investigating key ion interactions, the total
salinity of the salt solution is fixed at 1000 mg⋅L−1. The ion concentration of key ions (using K+ as an
example) is controlled by adjusting the mass ratio of KCl to NaCl. For instance, 0.2 KCl indicates that 20%
of the solute is KCl, while 0.4 KCl indicates 40% KCl and 60% NaCl in the solute.
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Figure 2: Experimental flowchart.

2.4.1 Imbibition Experiment

Rock cores were saturated by vacuum-pressurization using 99.99% pure nitrogen as the working
medium. Gas permeability and porosity values were measured using a QTS-2 gas permeability tester and a
KXD-2 gas porosity tester.

Natural reservoir cores were degreased, dried, and evacuated. Saturated standard cores were suspended
beneath a high-precision electronic balance, fully immersed in aqueous solutions of varying salinity levels,
ion compositions, and ion concentration without contacting the beaker base (Fig. 3). The spontaneous
water absorption process was continuously recorded by monitoring real-time mass changes on the balance.
To systematically investigate the continuous influence of injected water salinity on imbibition behavior,
the salinity levels of the injected water in this study were set at 50,000 mg⋅L−1, 30,000 mg⋅L−1, 10,000
mg⋅L−1, 7000 mg⋅L−1, 5000 mg⋅L−1, 3000 mg⋅L−1, and 1000 mg⋅L−1 were used for rock core imbibition
experiments, with each group replicated twice, and the final results were averaged to minimize error.
During the experiments, a thermostatically controlled sealed container maintained ambient temperature,
and an anti-evaporation oil layer was applied to minimize interference. The crude oil replacement rate
from the self-permeation imbibition tests was analyzed using replacement rate versus time curves.

 

Figure 3: Physical experiment diagram of core imbibition experiment.

2.4.2 Interfacial Tension Experiment

At room temperature, the interfacial tension between aqueous solutions of varying salinity levels
and ion concentration and reservoir crude oil was measured using an SDT-KRUSS rotary drop interfacial
tension tester (Fig. 4). The density difference between the oil and water phases was 0.2 g⋅cm−3. Using
a micro syringe, 1–2 µL of oil was drawn and injected into the center of the capillary tube. The tube
was placed in the instrument, and the sample chamber temperature was stabilized at 30◦C. Activate the
temperature control system to ensure constant temperature throughout the experiment, eliminating the
influence of temperature fluctuations. Set the rotation speed to 5000 r/min. Record data at 3-min intervals.



Fluid Dyn Mater Process. 2025;21(11) 2819

Each experimental run lasted 30 min. At least three measurements were taken for each sample group, and
the average value was recorded.

 

Figure 4: Interfacial tension tester.

2.4.3 Contact Angle Experiment

Contact angle measurements were performed using a contact angle measuring instrument with the
static sessile drop method (Fig. 5). Glass slides were cut to appropriate dimensions, immersed in crude
oil containers, and placed in a 70◦C water bath for aging. After 5 days of aging, the initial contact angle
was measured. Subsequently, the slides were immersed in each solution for 50 h, and the contact angle
was measured. Each experimental group underwent repeated measurements, and the average value was
calculated to ensure the accuracy of the experimental results.

 

Figure 5: Contact angle measuring instrument.

3 Effect of Salinity on Wettability

3.1 Effect of Salinity on Imbibition Oil Recovery

3.1.1 Effect of Salinity

Under identical conditions, cores that have undergone vacuum treatment and reached a saturated
oil state serve as experimental specimens. The objective is to minimize any physical property changes or
chemical composition alterations that could potentially affect the final experimental results due to external
factors throughout the entire experimental process. This ensures that the experimental outcomes accurately
and reliably reflect the actual effectiveness of low-salinity brine in enhancing fluid replacement rates.
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In the experimental design, formation water with varying degrees of salinity was selected as the
experimental medium. Specifically, concentrations of 50,000 mg⋅L−1, 30,000 mg⋅L−1, 10,000 mg⋅L−1, 7000
mg⋅L−1, 5000 mg⋅L−1, 3000 mg⋅L−1, and 1000 mg⋅L−1. Seven water samples were used for the core’s
imbibition experiment. This series of salinities was selected to comprehensively cover potential geological
conditions, enabling more accurate assessment of low-salinity brine efficacy under varying scenarios. To
further enhance the accuracy and reliability of the experimental results, a replication strategy was adopted.
For each experimental condition, two independent experimental runs were conducted. In the final data
analysis, the average of these two sets of results was taken as the definitive data for that condition. This
approach effectively minimized the impact of random errors on the experimental outcomes. Through the
aforementioned experimental process, curves depicting the evolution of fluid replacement rates over time
under varying salinity conditions were successfully obtained (Fig. 6).

Figure 6: Comparison of fluid replacement rates under different salinity conditions.

By comparing fluid replacement rates under different salinity levels, the following conclusions were
drawn: Low salinity significantly enhances fluid replacement in imbibition-driven oil recovery, with core
imbibition completing its reaction around day 4. Low-salinity system (<5000 ppm): The rate surged sharply
within the initial 5–10 h of reaction, exhibiting a significantly steeper slope than the high-salinity group.
This phase was dominated by ion exchange, where low-salinity water replaced high-valent cations adsorbed
on the rock surface, triggering expansion of the double electric layer thickness and enhancing the negative
charge on the rock surface. This led to rapid contraction of the three-phase contact line between crude
oil, water, and rock. High-salinity systems (>10,000 ppm): The rate increases gradually and then exhibits
exponential decay, indicating that the compressive effect of high-valent cations on the double electric
layer suppresses wettability reversal. Under conditions of 50,000, 30,000, 10,000, 7000, 5000, 3000, and 1000
mg⋅L−1, crude oil fluid replacement rates were 21.62%, 36.62%, 42.59%, 41.22%, 41.47%, 48.64%, and 52.66%,
respectively. The fluid replacement rate at 1000 mg⋅L−1 was significantly higher than that at 50,000 mg⋅L−1,
indicating that as the salinity of the brine further decreased, the core fluid replacement rate increased.
When the salinity was reduced to 1000 mg⋅L−1, the final core fluid replacement rate reached 52.66%. The
experimental results above demonstrate that low-salinity injection water holds potential for enhancing
fluid replacement rates. Specifically, adjusting formation water salinity can significantly improve crude oil
replacement efficiency.

3.1.2 Effects of Key Ion

The salinityof brine by imbibition for core samples was uniformly set at 1000 mg⋅L−1, ensuring
consistent experimental salinity levels. A 1000 mg⋅L−1 NaCl solution was also prepared as a control group.
Comparisons were made between solutions with identical salinity but differing ionic compositions (K+,
Ca2+, Mg2+, HCO3

−, CO3
2−, SO4

2−) and between solutions sharing the same salinity but varying ion
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concentrations. The resulting fluid replacement rate versus time curves for each ion type and concentration
at the same salinity are shown in the figure. Significant differences in the final fluid replacement rate were
observed during the core’s imbibition process.

Compared to a 1000 mg⋅L−1 NaCl solution, adding 0.2 mol K+, 0.2 mol Ca2+, 0.2 mol Mg2+, 0.2 mol
HCO3

−, 0.2mol CO3
2−, and 0.2mol SO4

2− at the same salinity significantly increased the core self-percolation
fluid displacement rate significantly increased the fluid replacement rate in the core. When 0.2 mol K+ was
added to the imbibition solution, the final fluid replacement rate in the core reached 42.66%. When 0.2
mol Mg2+ was added to the imbibition solution, the final fluid replacement rate in the core reached 68.38%.
When 0.2 mol Ca2+ was added to the imbibition solution, the final fluid replacement rate of the core was
40.71% (Fig. 7).

   
(a) K+ (b) Ca2+ (c) Mg2+ 

Figure 7: Comparison of fluid replacement rates for different cations.

As the concentrations of K+, Ca2+, and Mg2+ in the brine decreased, a distinct upward trend in the
core’s imbibition fluid replacement rate was observed. Specifically, when the K+ concentration in the brine
decreased from 0.4 mol/L to 0.2 mol/L, the core’s imbibition fluid replacement rate increased significantly
from 37.45% to 42.66%. When the Ca2+ concentration in the brine decreased from 0.4 mol/L to 0.2 mol/L, the
imbibition fluid replacement rate of the core also increased from 36.44% to 40.71%. More notably, reducing
the Mg2+ concentration in the brine from 0.4 mol/L to 0.2 mol/L substantially increased the core’s imbibition
fluid replacement rate from 51.47% to 68.38%. Lower ion concentrations in brine are not necessarily better,
as the imbibition fluid replacement rate in the core was lower at only 37.37% in a 1000 ppm NaCl solution
without any additional ions added (Fig. 8).

  
(a) 0.2 mol cations (b) 0.4 mol cations 

Figure 8: Comparison of fluid replacement rates at different cation concentrations.
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When 0.2 mol HCO3
−, 0.2 mol CO3

2−, and 0.2 mol SO4
2− were added to the imbibition solution, the final

fluid replacement rates of the core were 51.60%, 41.98%, and 79.44%, respectively. It can be concluded that
adding cations and anions of different valences at the same concentration can enhance the self-imbibition
fluid replacement rate of the core. Among these, Mg2+ and SO4

2− have a particularly pronounced effect on
the self-imbibition fluid replacement rate of low-salinity cores (Fig. 9).

   
(a) HCO3

− (b) CO3
2− (c) SO4

2− 

Figure 9: Comparison of Fluid Replacement Rates for Different Anions.

Regarding anions, changes in the concentrations of HCO3
−, CO3

2−, and SO4
2− also influenced the

core’s imbibition fluid replacement rate. When the concentrations of these anions decreased from 0.4
mol/L to 0.2 mol/L, the core’s imbibition fluid replacement rate increased to varying degrees. Specifically, a
decrease in HCO3

− concentration resulted in a 15.77% increase in core imbibition fluid replacement rate, a
reduction in CO3

2− concentration led to a 1.18% increase, and a decrease in SO4
2− concentration caused a

15.32% increase in the core’s imbibition fluid replacement rate. The results indicate that changes in ion
concentration in brine significantly affect the fluid replacement rate during core imbibition (Fig. 10).

During the experiment, the variation of imbibition fluid replacement rate in the core over time was
meticulously recorded and analyzed under different brine ion compositions. These curves clearly reveal
that the rate of increase in fluid replacement within the core exhibits an initial rapid phase followed by a
gradual slowdown, ultimately stabilizing at a steady state. Specifically, during the initial imbibition phase,
the sorption fluid replacement rate increases rapidly due to the strong interaction between brine ions and
the rock surface, driven by significant differences in surface wettability. However, as time progresses, this
interaction gradually weakens, causing the sorption fluid replacement rate to slow down until it reaches a
relatively stable level.

  
(a) 0.2 mol anions (b) 0.4 mol anions 

Figure 10: Comparison of fluid replacement rates at different anion concentrations.
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With the gradual decrease in the ion concentration in the brine, including K+, Ca2+, Mg2+, and anions
HCO3

−, CO3
2−, and SO4

2−, the imbibition fluid replacement rate in the core samples exhibits a distinct
upward trend (Fig. 11).

  
(a) Cations (b) Anions 

Figure 11: Bar chart of fluid replacement rates under different ion type conditions.

3.2 Effect of Ions on Interfacial Tension

Salt ions enhance the polarity of water, reducing the affinity between oil molecules and water, thereby
increasing the intermolecular interaction energy at the interface. This mechanism primarily stems from
the ion polarization effect and the strengthening of the aqueous phase structure. The introduction of salt
ions enhances the polarity of the aqueous phase while weakening the affinity between molecules at the
oil-water interface. This leads to tighter molecular packing at the interface and increased interaction energy.
Specifically, low concentrations of salt ions slightly reduce water’s dielectric constant while promoting
the formation of locally ordered water molecule structures through hydration, further intensifying the
tendency for phase separation. Interfacial tension and fluid displacement rate under different experimental
conditions are shown in the tables (Tables 2 and 3). Comparing data at 1000, 3000, 5000, 7000, 10,000, 30,000,
and 500,000 mg⋅L−1 concentrations, interfacial tension exhibits a nonlinear trend of first decreasing and
then increasing with decreasing salinity. Specifically: Low salinity range (1000–7000 mg⋅L−1): Interfacial
tension significantly decreased from 17.78 mN/m to 6.65 mN/m (Fig. 12). Here, increased ion concentration
in the solution weakens the double layer compression effect, reducing electrostatic repulsion at the oil-water
interface. This promotes tighter molecular packing at the interface, lowering interfacial energy.

High salinity range (10,000–30,000 mg⋅L−1): Tension further increases from 15.91 mN/m to 28.47 mN/m.
Excessively high ion concentration causes excessive compression of the double layer, enhancing interfacial
rigidity. Concurrently, the hydration effect and increased polarity of ions structure the aqueous phase,
hindering oil phase dispersion. Additionally, highly charged ions reorganize the interface through strong
adsorption and ion bridging, ultimately elevating interfacial tension.

Table 2: Interfacial tension values at different salinity degrees and fluid replacement rates.

Core Number Porosity/% Permeability/mD Experimental
Project

Interfacial
Tension (mN/m)

Fluid Replacement
Rate/%

1 7.99 0.14 50,000 mg⋅L−1 17.04 21.6
2 9.55 0.14 30,000 mg⋅L−1 28.47 36.6
3 8.48 0.16 10,000 mg⋅L−1 15.91 42.5
4 11.27 0.17 7000 mg⋅L−1 6.65 41.2
5 9.57 0.49 5000 mg⋅L−1 10.56 41.4
6 9.60 0.21 3000 mg⋅L−1 17.78 48.6
7 11.59 0.41 1000 mg⋅L−1 14.61 52.6
8 11.38 0.14 1000NaCl 5.00 37.3
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Table 3: Interfacial tension values and fluid replacement rates for different ion types and concentrations.

Core Number Porosity/% Permeability/mD Experimental
Project

Interfacial
Tension (mN/m)

Fluid Replacement
Rate/%

9 11.42 0.14 0.2K+ 23.73 42.6
10 7.66 0.25 0.4K+ 18.84 37.4
11 8.48 0.16 0.2Ca2+ 25.34 40.7
12 6.96 0.14 0.4Ca2+ 13.9 36.4
13 5.03 0.12 0.2Mg2+ 14.96 68.3
14 2.7 0.10 0.4Mg2+ 23.46 51.4
15 6.56 0.10 0.2HCO3

− 16.51 51.6
16 6.21 0.10 0.4HCO3

− 15.94 35.8
17 8.56 0.16 0.2CO3

2− 17.87 41.9
18 9.67 0.14 0.4CO3

2− 13.98 40.8
19 7.14 0.59 0.2SO4

2− 12.14 79.4
20 9.12 0.61 0.4SO4

2− 17.39 64.1

Figure 12: Interfacial tension at different salinities.

By comparing the interfacial tension-fluid replacement rate curves at different salinities (Fig. 13), the
cation type and concentration-fluid replacement rate curves and the anion-fluid replacement rate curves
(Fig. 14), it can be concluded that interfacial tension is only one of the key parameters controlling the fluid
replacement rate. The relationship between interfacial tension and fluid replacement rate is multi-factorially
regulated by ion type and concentration: specifically, in systems with varying salinity levels containing only
Cl− anions alongside both monovalent and divalent cations, solutions with salinity corresponding to an
interfacial tension of 15–20 mN/m exhibit higher fluid replacement rates. When comparing monovalent and
divalent anions and their concentrations in isolation, the anion system aligns more closely with traditional
theories that reducing interfacial tension effectively enhances fluid replacement rates. However, when
comparing interfacial tension values across different ion types and concentrations, no clear traditional
positive correlation with replacement rates emerges. This indicates that cations and complex salinity
systems exhibit complex nonlinearity due to wetting interference.

Figure 13: Relationship between interfacial tension and fluid replacement rate under different salinity conditions.
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(a) Cations (b) Anions 

Figure 14: Relationship between interfacial tension and fluid replacement rate under different ion concentration
conditions.

3.3 Effect of Ionic Pairs on Contact Angle

The experiment analyzed the influence of various factors on the interaction between crude oil and
water by measuring the contact angle between slides treated with solution aging and crude oil. Experimental
results (Fig. 15) show that as the solution’s salinity decreases, the wetting angle significantly reduces. This
phenomenon indicates that when low-salinity water is absorbed, low-valent ions in the solution exchange
with high-valent ions originally present in the reservoir. This enhances the negative charge at the interfaces
between the core and water, as well as between crude oil and water. Organic polar substances originally
adsorbed onto rock surfaces via physical or chemical interactions, along with organometallic complexes
tightly bound to high-valent cations, gradually detach from the rock surface. This ultimately triggers a
reversal in rock wettability, shifting from oil-wetting to water-wetting.

Figure 15: Relationship between parameters under different salinity conditions.

Different ionic compositions and concentrations reveal that in low-concentration anionic solutions
(Fig. 16), 0.2SO4

2− exhibits optimal performance with the lowest contact angle of 60◦ and the highest fluid
replacement rate reaching 79.44%. HCO3

− and CO3
2− exhibit lower contact angles of 58◦ and 60◦ at low

concentrations, but these angles rebound to 63◦ and 68◦ at high concentrations. This increase in pH at high
concentrations inhibits hydrophilicity improvement. Among low-concentration cation solutions, Mg2+
performs best, achieving the lowest contact angle of 65◦ and a fluid replacement rate of 68.38%. Generally,
as the ion concentration of a specific ion gradually increases, a corresponding decrease in contact angle is
observed. This change subsequently affects the fluid replacement rate, which progressively decreases as
the contact angle diminishes. When measuring surface contact angles by immersing glass slides in saline
solutions with varying ionic compositions while maintaining constant salinity, significant differences in the
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obtained data are evident. Notably, under conditions where the saltwater salinity was set at 1000 mg⋅L−1,
the contact angle measured after adding Mg2+ to the saltwater reached its minimum value. Adding NaCl
to the saltwater resulted in a contact angle of 75◦, which was at a relatively moderate level. Adding K+

solution yielded the maximum contact angle measured, clearly revealing the specific influence of different
ions on the contact angle.

  
(a) Cations (b) Anions 

Figure 16: Relationship between parameters under different ion concentrations.

4 Conclusion

(1) Imbibition experiments on rock cores indicate that the salinity of injected water significantly affects
fluid replacement rates. When the injected water salinity decreased from 50,000 mg⋅L−1 to 1000 mg⋅L−1,
the fluid replacement rate exhibited notable changes compared to higher salinity water, particularly
when the injected water salinity was below 5000 mg⋅L−1. Therefore, adjusting the salinity of injection
water can enhance fluid replacement rates in practical reservoir operations.

(2) The relationship between interfacial tension and fluid replacement rate is multi-regulated by ion type
and concentration. When the total salinity of the injected water is below 5000 mg⋅L−1, interfacial
tension decreases nonlinearly with decreasing salinity, significantly improving imbibition efficiency.
The anionic system better aligns with traditional theories that reducing interfacial tension effectively
enhances fluid replacement rate. In contrast, cationic and composite salinity systems exhibit complex
nonlinearity due to wetting interference.

(3) Compared to other ions, Mg2+ exhibits particularly outstanding exchange capacity, more effectively
replacing crude oil components from rock surfaces to exfoliate the oil. SO4

2− enhances fluid replacement
by increasing interfacial negative charge. However, neither Mg2+ among cations nor SO4

2− among
anions guarantees better oil replacement with higher ion concentration.

5 Future Research Directions

Although this study has made some progress in investigating waterflood efficiency in low-permeability
reservoirs, several issues warrant further exploration in future research:
1. Investigate the influence of low-salinity water (LSW) from a molecular modeling perspective to provide

a microscopic explanation for the mechanism by which LSW enhances recovery rates.
2. Reservoir damage under waterflooding conditions cannot be overlooked; consider employing artificial

intelligence for evaluating reservoir damage [28].
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