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ABSTRACT

Deep tight reservoirs exhibit complex stress and seepage fields due to varying pore structures, thus the seepage
characteristics are significant for enhancing oil production. This study conducted triaxial compression and
permeability tests to investigate the mechanical and seepage properties of tight sandstone. A digital core of
tight sandstone was built using Computed Tomography (CT) scanning, which was divided into matrix and pore
phases by a pore equivalent diameter threshold. A fluid-solid coupling model was established to investigate the
seepage characteristics at micro-scale. The results showed that increasing the confining pressure decreased porosity,
permeability, and flow velocity, with the pore phase becoming the dominant seepage channel. Cracks and large
pores closed first under increasing pressure, resulted in a steep drop in permeability. However, permeability
slightly decreased under high confining pressure, which followed a first-order exponential function. Flow velocity
increased with seepage pressure. And the damage mainly occurred in stress-concentration regions under low
seepage pressure. Seepage behavior followed linear Darcy flow, the damage emerged at seepage entrances under
high pressure, which decreased rock elastic modulus and significantly increased permeability.
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1 Introduction

As conventional oil and gas resources are depleted, attention has shifted towards developing
unconventional tight reservoirs due to their vast reserves. Consequently, unconventional reservoirs
have emerged as a promising avenue for the extraction and development of oil and gas resources
[1,2]. However, tight reservoirs are marked by deep burial, low porosity, low permeability, and intricate
pore structures, which challenge reservoir development [3–6]. Generally, the stress field and seepage
field of the tight reservoirs are significantly affected by oil and gas extraction, fracking, gas injection,
and displacement [7–10]. Meanwhile, the stress field can change the porosity and permeability of the
reservoir. The alterations in the seepage field during the oil and gas extraction give rise to variations
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of effective stress within the reservoir, thereby showcasing a pronounced fluid-solid coupling effect,
increasing permeability prediction difficulties [10,11].

Numerous studies have investigated the seepage characteristics and permeability evaluation of
tight reservoirs. For instance, the effective stress principle was initially introduced by Biot [12] and sub-
sequently derived or modified to accommodate various working conditions. Gutierrez [13] studied the
multiphase flow interactions and rock deformation behaviors within reservoirs. Since fluid injection
and extraction influence the reservoir pore pressure, it is essential to consider rock deformation and
stress-strain levels in modeling oil and gas reservoirs. Consequently, a Biot multiphase fluid flow model
in deformed porous media was proposed. Zhang et al. [14] established a mathematical model using
the elastic theory of porous media combined with fluid-solid interactions, thoroughly incorporating
the deformation of various porous media and fluid flow within tight reservoirs. However, tight
reservoirs contain many pores and fractures ranging from micrometers to meters in scale [15–17].
Due to the differing fluid flow mechanisms at various scales, traditional seepage mechanics based
on Darcy’s Law are insufficient for accurately capturing the fluid flow behavior in tight reservoirs
[18,19]. Most studies have employed pore-scale flow simulations at the microscopic scale of rock.
Specifically, the pore structure network of reservoir rock has been extracted for flow simulations
[20–22]. A et al. [23] performed a microscale analysis of oil/gas flow characteristics through molecular
dynamics simulations to investigate the wettability and structure of mineral surfaces, as well as the
diffusion characteristics of water molecules on the surfaces. Alternatively, constructing a digital core
has facilitated the division of rocks into various media components, such as pores, cracks, and matrices.
Each component is assigned specific parameters to simulate the overall seepage flow within the
rock. Furthermore, the lattice Boltzmann method [24–26] and the finite element method [27,28] are
commonly used for seepage flow simulations. Many scholars adopt the pore network model to simplify
the pores and fractures in rocks as regular capillaries; and simplify the complex flow of fluids in rocks
to flow in capillary tubes of different diameters, which requires less computing power. However, the
pore structure of tight reservoir rocks is complicated, especially the existence of fractures, whose size,
shape, and direction greatly influence the permeability of the whole rock. Therefore, it is necessary to
establish the corresponding flow equation according to the characteristics of various fluid channels in
the rock, to describe the natural fluid flow state in the rock more accurately.

The pore structure of a reservoir is essential for oil and gas flow as well as influences the
macroscopic physical characteristics of the medium, especially in determining permeability [29–31].
Hence, the pore structure of the rock is significant to the microscopic seepage and mechanical
characteristics of the reservoir [32,33]. The digital core has advantages such as non-destructiveness,
stability, high resolution, and repeatable utilization, which is a primary research method for rock pore
structure [34,35]. The use of digital core technology in studying the micro-permeability and fluid-
solid coupling effect of reservoirs provides an accurate and cost-effective research system. However,
the 3D digital core reconstruction by CT scanning still faces challenges, such as the limit scanning
resolution and insufficient accuracy of the reconstruction algorithm. The precision of standard CT
scanners is at the micron level, thus some micropores and throats cannot be detected. As a result, the
flow simulation based on the pore structures obtained by CT scanning can not accurately characterize
the fluid flow in rocks. Additionally, many existing studies conducted numerical simulations using
a single-pore network or small-size model, which was inadequate for analyzing rock mechanics and
seepage characteristics. An accurate model was needed to characterize fluid flow in tight rocks and
reduce the computational complexity without compromising accuracy.

In the study, rock mechanics and seepage parameters are obtained through rock mechanics and
seepage tests. Based on CT scanning, a digital core of tight sandstone is established, and its pore



EE, 2025, vol.122, no.2 539

structure is accurately characterized. In light of existing issues, micropores smaller than 40 μm are
classified as a mixed matrix phase, resulting in breakthroughs in simulation accuracy and application
breadth. A more precise digital core research model is proposed. The coupling model of free flow
and seepage and the coupling constitutive equation of flow and solid are also established. The effects
of various confining pressures and seepage pressures on seepage characteristics under the fluid-solid
coupling effect of the model are studied at the microscale. The study provides an essential foundation
for further understanding the seepage characteristics of tight sandstone and its behavior in practical
applications.

2 Mechanical and Permeability Test
2.1 Triaxial Compression Test

The rock samples were collected from a well at a depth of 5229.00 m in the oil fields of western
China with a size of �25 × 50 mm. The triaxial compression test was conducted using a rock testing
apparatus designed for high temperature and pressure conditions. Two rock samples were examined
under different confining pressures (i.e., 0, 20, 40, and 60 MPa). The confining pressure was applied
first during the test, and then the axial pressure was applied with a loading rate of 0.05%/min. The
data were recorded until the rock samples were damaged.

The stress-strain curves of the eight rock samples are presented in Fig. 1. Under uniaxial
compression (i.e., confining pressure of 0 MPa), the rock sample has a peak strength of less than
80 MPa and an elastic modulus of approximately 10 GPa. The sandstone samples displayed brittle
behavior, evidenced by the rapid decrease in the post-peak curve. Furthermore, the strength and elastic
modulus of the samples increased significantly as the confining pressure rose. Meanwhile, the decrease
in the stress-strain curve after the peak became more gradual, indicating that the tight sandstone
samples exhibited increased ductility. The mechanical properties of the rock samples are summarized in
Table 1. Fig. 2 shows that a primary diagonal shear fracture of 60° occurred when the tight sandstone
sample failed, which is consistent with results from some studies [8,36].

Figure 1: Stress-strain curve
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Table 1: Triaxial compression test results

Rock sample Confining
pressure/MPa

Elastic
modulus/GPa

Poisson’s ratio Peak
stress/MPa

Peak
strain/%

ZC-1-1 0 10.04 0.28 76.56 0.87
ZC-1-2 0 10.37 0.26 60.76 0.98
ZC-2-1 20 22.56 0.18 243.27 1.35
ZC-2-2 20 20.81 0.21 261.21 1.20
ZC-3-1 40 23.76 0.16 284.57 1.59
ZC-3-2 40 23.86 0.17 269.81 1.46
ZC-4-1 60 33.37 0.22 351.59 1.41
ZC-4-2 60 38.15 0.21 379.08 1.35

Figure 2: Failure mode of rock sample

2.2 Permeability Test
In this study, the permeability was measured by the gas permeability test. The sample had a

pressure gradient when nitrogen was used due to the pressure difference between the inlet and outlet.
The pressure gradually decreased from the inlet to the outlet, resulted in the expanded gas volume and
increased flow rate. While Darcy’s law applies to incompressible fluids, gas permeability is expressed
using a modified version of Darcy’s law:

Kg = 2Q0p0μL
A(p2

1 − p2
2)

p2p1 (1)

where Kg is the gas measurement permeability, p0 is the atmospheric pressure, μ is the gas dynamic
viscosity, p1 is the absolute pressure at the inlet end, and p2 is the absolute pressure at the outlet end.

Due to the slippage effect, the gas-measured permeability is greater than the absolute permeability.
This error can be modified as:

Kg = K∞ + b
p

K∞ (2)

where Kg is the gas-measured permeability, K∞ is the equivalent liquid permeability, b is the slip
coefficient, which depends on gas properties and rock pore structure, and p is the average pressure
of the inlet and outlet, p = (p1 + p2) /2.

In the gas permeability test, the permeability Kg at different average pressures p is measured
under the same confining stress. The intercept of the fitted straight line on the vertical axis represents
the Kessler permeability, which corresponds to the sample’s absolute permeability. Table 2 presents
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the Kessler permeabilities of the four rock sample groups under various confining pressures. The
permeability of the tight sandstone was less than 0.1 mD at the initial confining pressure of 5 MPa.
The permeability decreased to a minimum of 0.0008 mD as the confining pressure rose to 40 MPa.
Fig. 3 illustrates the Kessler permeability of tight sandstone at different confining pressures. The
permeability of the rock decreased as the confining pressure increased. The permeability stabilized
once the confining pressure reached 40 MPa. The possible reason was that the defects, such as cracks
in the rock, were the dominant channels of seepage, which contributed to the increase of permeability.
The cracks in rock were more accessible to close under confining pressure than the pores. Therefore,
under low confining pressure, the dominant seepage channels were closed first, resulted in a steep drop
in rock permeability. Under high confining pressure, the compression of pores by the deformation of
the rock skeleton was limited. Therefore, there was little change in the permeability. Fitted by the
Levenberg-Marquardt least squares algorithm, the first-order exponential function with a decreasing
trend could accurately describe the correlation between kerogen permeability and confining pressure
(R2 > 0.98).

Table 2: Core permeability under different confining pressures

S1
Confining pressure/MPa 5 10 15 20 25 30 35 40
Penetration rate/mD 0.0224 0.0112 0.0070 0.0041 0.0023 0.0012 0.0011 0.0008

S2
Confining pressure/MPa 5 10 15 20 25 30 35 40
Penetration rate/mD 0.0370 0.0196 0.0145 0.0108 0.0081 0.0053 0.0046 0.0033

S3
Confining pressure/MPa 5 10 15 20 25 30 35 40
Penetration rate/mD 0.0813 0.0420 0.0255 0.0168 0.0140 0.0117 0.0088 0.0073

S4
Confining pressure/MPa 5 10 15 20 25 30 35 40
Penetration rate/mD 0.0496 0.0270 0.0200 0.0129 0.0112 0.0079 0.0067 0.0048
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(a) S1 (b) S2

(c) S3 (d) S4

Figure 3: Relationship curve between Klinkenberg permeability and confining pressure

3 Microscopic Numerical Simulation
3.1 3D Reconstruction of Digital Cores

A small cylinder with a diameter of 2.5 mm was drilled by wireline cutting to carry out a CT
scanning test. The CT scan test was performed with an Xradia MicroXCT-200 instrument, which could
scan samples up to 50 mm in size with a spatial resolution under 2 μm and a pixel resolution below
1 μm. The sample was scanned layer by layer with the image size of 1024 × 1024 pixels, corresponded
to the actual rock sample scale of 2.5 μm/pixel, as shown in Fig. 4. A total of 1120 2D grayscale images
were obtained. The distribution of grayscale values of CT images ranged from 0 to 255. The part with
a grayscale value of 0 was black, which was the pores and cracks in the rock. The part with grayscale
values 255 was white, expressing the rock’s high-density mineral. Besides, the gray part between black
and white was the rock matrix. However, the original image of the CT scan had low contrast and noise
points. Thus, it is difficult to distinguish the media type [37,38]. To characterize the pore structure
more accurately, MATLAB software was used in this study to batch process the original gray images.

The original CT scan images were processed to contain three gray values: 0, 100, and 255. A total
of 1220 CT images were used for 3D reconstruction to obtain the digital cores, as shown in Fig. 5a.
The pore structure (i.e., pores and cracks) in the digital cores was extracted, as depicted in Fig. 5b.
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Figure 4: Image processing

Figure 5: Digital core

Since both the CT scanning test and gas porosity test were non-destructive, the original properties
of the rock sample were unchanged [39]. Therefore, the same rock sample can be tested using the gas
porosity test after CT scanning. The sample had a measured porosity of 3.72%. The porosity was
calculated by dividing the number of pixels with a gray value of 0 in the CT image by the total number
of pixels, yielding a value of 3.67%. The possible reasons were: (1) The accuracy of the CT scanner was
at the micron scale, which resulted in the pores smaller than the resolution (including nanopores and
some of the micron pores) not been identified. (2) During the noise filtering process of the CT images,
some of the isolated and closed pores may be removed together with the noise points. Therefore, the
porosity of the constructed digital rocks was lower than that of the measured samples. However, these
pores were closed, and isolated pores and the percentage of porosity was tiny, which could be ignored.

The pores in the rock are irregular, but the equivalent diameter can characterize the pore size. The
equivalent diameter is the diameter of a circle that has the same volume as the pores:

Deq = 3

√
6Vpore

π
(3)

where Deq represents the equivalent diameter of the pore, and Vpore is the volume of the pore.

Fig. 6 shows the equivalent diameter distribution of pores within sandstone. Since the pore
contents of different intervals were not in the same order of magnitude, the logarithmic axis was used
to show the number of pores (i.e., vertical axis). It is evident that the pore number decreased with the
increase of the equivalent diameter of pores. The number of pores with a diameter smaller than 5 μm
exceeded 6 × 104, 32.5% of the total pores. While the content of pores with an equivalent diameter
of less than 10 μm reached 73.2%, the pores with an equivalent diameter from 10 to 30 μm had been
relatively reduced by more than an order of magnitude. Pores with an equivalent diameter greater than
40 μm comprised less than 1% of the total. Except for nanopores, the pores in tight sandstone were
primarily micron-sized, with diameters below 40 μm. Meanwhile, Fig. 6 shows that the little pores were
larger than 100 μm.
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Figure 6: Pore distribution

The volume fraction of pores with various diameters was quantified to discuss the impacts of pore
size on rock porosity, as illustrated in Fig. 7. Although the content of pores with an equivalent diameter
below 5 μm reached 32.5%, the volume share of these pores remained low. The pore volume peaked
around an equivalent diameter of 10 μm. As the equivalent diameter of pores increased from 10 to
50 μm, the pore volume steadily decreased. The cumulative volume share of pores with equivalent
diameters less than 40 μm reached 49.8%. And this part was all closed, isolated pores. Using an
equivalent diameter of 40 μm as the threshold, the pore structure was divided into micro-pores, large
pores, and cracks (Fig. 8). While the large pores and cracks exhibited complex shapes and spatial
distributions, the micro-pores with equivalent diameters less than 40 μm were uniformly distributed
throughout the rock.

Figure 7: Volume proportion of pores with different diameters
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Figure 8: Pore structure decomposition

3.2 Fluid-Solid Coupling Model
The pore distribution in tight sandstone indicates that pores with an equivalent diameter smaller

than 40 μm constitute 49.8% of the volume fraction, accounting for 99.3% of all pores. These micro-
pores are uniformly distributed throughout the sandstone. In this study, pores with an equivalent
diameter smaller than 40 μm, along with any undetected pores, are considered part of the rock matrix
(i.e., the matrix phase). Essentially, this matrix phase represents a porous medium that facilitates fluid
seepage. The larger pores and cracks are categorized as the pore phase. After modification, the model
simplifies more than 99% of the micro-pores in tight sandstone while also considering the undetected
pores. Fluid can flow between the matrix and pore phases; however, the flow dynamics within these
two phases differ, as illustrated in Fig. 9. Therefore, a constitutive model is necessary to capture the
coupling behavior in tight sandstone accurately.

Figure 9: Fluid flow model in rock

Based on the coupled free flow-seepage model, the seepage characteristic was defined in this study
as [40]:

ρ

(
∂u
∂t

+ u · ∇u
)

= −∇p + μ∇2u + ρg − εμK−1u (4)
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where u is the flow rate of the fluid, ρ is the fluid density, p is fluid pressure, μ is the dynamic viscosity
of the fluid, and ε is the volume proportion of the pore phase (i.e., porosity), ranging from 0 to 1. This
parameter is a field variable for different locations in the field. When ε = 0, the part is a pure rock
matrix. When ε = 1, the part is pure pore without rock matrix. When 0 < ε < 1, the location is porous
media. The last term of the equation is the Darcy resistance, which plays a dominant role in the matrix
phase but has no influence in the pore phase.

The parameter K is the Darcy-like permeability, which is a function of ε. This study employed the
Kozeny-Carman equation to represent the permeability (K) [41]:

K−1 = 180
d2

(1 − ε)
2

ε3
(5)

where d represents the characteristic length of seepage, which relates to the rock’s pore structure.

ρ

(
∂u
∂t

+ u · ∇u
)

= −∇p + μ∇2u + ρg (6)

The matrix phase with rock matrix and pores is expressed by 0 < ε < 1. The Darcy resistance
term plays a dominant role in this phase, and the effect of inertia terms can be ignored. Eq. (4) is
transformed to describe the fluid in porous medium seepage equation:

0 = −ε∇p − ε2μK−1u (7)

A flow-solid coupling model based on continuous damage theory described the interaction
between the stress field and the flow field in tight sandstone [41,42]. Drawing on Hooke’s law and
the deformation coordination equation, the deformation governing equation can be expressed as:

Ẽ
2 (1 + v)

ui,kk + Ẽ
2 (1 + v) (1 − 2v)

uk,ki − αp,i + fi = 0 (8)

where u is displacement, v is Poisson’s ratio, fi is physical strength, α is Biot coefficient, and Ẽ is the
elastic modulus after damage.

The Biot coefficient is a key parameter that describe the compressibility of rock under fluid action,
primarily used in fluid-structure coupling models. It represents the ratio of the rock’s volumetric strain
(volume change due to pressure variation) to the fluid’s volumetric strain. The Biot coefficient can be
expressed as:

α = ΔVr

ΔVf

(9)

where ΔV is the volume change of the rock, ΔVf is the volume change of the fluid.

The seepage control equation was defined as [43]:[
φ + p (α − φ)

Ks (1 + S)

]
∂p
∂t

− ∇
(

k̃
μ

p∇p

)
+ ∇

(
p

(
k̃
μ

f

))
= pQs − p

α − φ

1 + S
∂εv

∂t
(10)

where φ is the porosity of the rock, μ is the viscosity coefficient, f is the physical force, Qs is the
fluid mass source, k̃ is the permeability after damage, and εv is the volume strain, S = εv + p/Ks,
Ks = E/3 (1 − 2μ).
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3.3 Finite Element Model
The representative elementary volume (REV) unit with a size of 210 × 210 × 210 voxels was used to

build the finite model to represent the physical and mechanical samples. As mentioned above, the pore
structure of tight sandstone was classified as pore phase and matrix phase with a threshold of 40 μm
equivalent diameter. Specifically, the macropores and cracks with an equivalent diameter greater than
40 μm were considered the pore phase. The micropores with an equivalent diameter smaller than 40 μm
that along with the rock matrix were considered as the matrix phase. Fig. 10 shows the construction
process of the micro-finite element model. The proposed free-flow and fluid-solid coupling models
expressed the seepage and mechanical behaviors.

Figure 10: Establishment process of digital core micro finite element model
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The boundary conditions were set as Fig. 11 to investigate the effect of confining pressure and
seepage pressure on the seepage characteristics of tight sandstone under fluid-solid coupling. The rock
sample was enclosed by slipping impermeable walls, and a confining pressure of 10 MPa was applied
to the walls. The top and bottom surfaces of the rock sample served as the fluid inlet and outlet. The
outlet pressure was set to an atmospheric level. Water was used as fluid in this model. Table 3 shows the
parameters of the finite element model. It should be noted that the porosity of the matrix phase does
not represent the porosity of the entire rock, but rather the difference between the measured porosity
of the rock and the volume fraction of the pore phase. In other words, the total porosity of the rock is
the combination of the detected and undetected pore porosity.

Figure 11: Schematic diagram of boundary conditions

Table 3: Numerical simulation parameters

Materials Parameters Units Numeric

Matrix
phase

Density kg/m3 2390
Modulus of elasticity GPa 10.2
Poisson’s ratio – 0.27
Porosity % 1.83
Penetration rate m2 1 × 10−17

Seepage pressure Pa 1.01 × 105

Biot coefficient – 0.79
D-P constant – 0.29
Permeability damage factor – 0.10

Water Density kg/m3 1000
Power viscosity Pa·s 1.01 × 10−3
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4 Simulation Results
4.1 The Effect of Confining Pressure on Seepage Characteristics

To study the effect of confining pressure on the flow characteristics, the inlet pressure is set to
1 MPa, and the outlet pressure is defined as atmospheric pressure. The confining pressures were then
set at 5, 10, 15, 20, 25, 30, 35, and 40 MPa, respectively. The Von Mises stress distribution of the rock
cross-section, including cracks and pores, under confining pressures of 10, 20, 30, and 40 MPa is shown
in Fig. 12. As the confining pressure increased, the stress level of the sandstone also rose. The stress of
the matrix phase was approximately 5 MPa under a confining pressure of 10 MPa. When the confining
pressure increased to 40 MPa, the stress of the matrix phase rose to 18 MPa. There was more stress
concentration at the junction of the pore phase and matrix phase (including micropores) than in the
pure matrix region.

(a) Confining pressure of 10 MPa (b) Confining pressure of 20 MPa

(c) Confining pressure of 30 MPa (d) Confining pressure of 40MPa

Figure 12: Von Mises stress distribution

Fig. 13 illustrates the fluid flow velocities of tight sandstone at varying confining pressures. Under
constant confining pressure, the crack and pore wall had high flow velocity, especially in the regions
between cracks or pores. As the confining pressure increased, the overall fluid flow velocity showed a
decreasing trend. However, there was a little reduction in the matrix region due to the low initial flow
velocity. Notably, with the increase of the confining pressure, a small part of the region had improved
flow velocity, resulted from the large damage in this region. In this area, the effect of damage on
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permeability was more significant than the impact of rock compression, resulting in an increase in
local permeability. Although the cracks and large pores tended to close under high confining pressure,
the pore phase followed free flow. Thus, the fluid flow velocity in the pore phase changed slightly with
the confining pressure increase. Table 4 shows the rock’s permeability, average flow velocity, and mass
flow under different confining pressures. As the confining pressure increased, the sandstone’s porosity,
permeability, and fluid flow velocity all decreased. Obviously, the generation of damage resulted in
only a slight increase in overall permeability. In other words, the effect of rock compression caused by
confining pressure on permeability was greater than that of damage.

(a) Confining pressure of 10 MPa (b) Confining pressure of 20 MPa

(c) Confining pressure of 30 MPa (d) Confining pressure of 40 MPa

Figure 13: Flow velocity of the matrix phase

Table 4: Numerical simulation results under different confining pressures

Confining
pressure MPa

Matrix phase
porosity %

Mass flow kg/s Penetration
rate m2

Average flow
velocity m/s

Pore phase average
flow rate m/s

Average flow rate of
matrix mixing phase m/s

5 1.79 10.96 × 10−8 0.183 × 10−15 2.14 × 10−4 6.34 × 10−3 1.56 × 10−5

10 1.74 5.42 × 10−8 0.090 × 10−15 2.11 × 10−4 6.33 × 10−3 1.45 × 10−5

15 1.70 3.17 × 10−8 0.053 × 10−15 2.09 × 10−4 6.31 × 10−3 1.34 × 10−5

20 1.65 2.11 × 10−8 0.035 × 10−15 2.07 × 10−4 6.29 × 10−3 1.24 × 10−5

25 1.61 1.58 × 10−8 0.026 × 10−15 2.05 × 10−4 6.27 × 10−3 1.14 × 10−5

(Continued)
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Table 4 (continued)

Confining
pressure MPa

Matrix phase
porosity %

Mass flow kg/s Penetration
rate m2

Average flow
velocity m/s

Pore phase average
flow rate m/s

Average flow rate of
matrix mixing phase m/s

30 1.56 1.32 × 10−8 0.022 × 10−15 2.04 × 10−4 6.26 × 10−3 1.04 × 10−5

35 1.51 1.06 × 10−8 0.018 × 10−15 2.02 × 10−4 6.25 × 10−3 9.55 × 10−6

40 1.47 0.92 × 10−8 0.015 × 10−15 2.00 × 10−4 6.23 × 10−3 8.72 × 10−6

Fig. 14 shows the mass flow of rock at various confining pressures. The mass flow of the pore
phase was notably greater than that of the matrix phase. The mass flow of the pore and matrix phases
was not the same magnitude under the confining pressure (5 MPa). The mass flow decreased with the
increase of confining pressure. When the confining pressure increases from 10 to 40 MPa, porosity
decreases by 17.9%, and the average flow rate of the rock declines by 7%. However, in regions with
significant damage, there was a localized increase in permeability. Therefore, the pore phase was the
dominant channel of seepage. The permeability in the pore phase was more responsive to changes in
external pressure than that in the matrix phase. Under low confining pressure, the crack and large
pore closed immediately, resulted in a steep drop in rock permeability. Together with the closed cracks
and pores, the rock matrix also had limited pressure deformation under high confining pressure. As a
result, the permeability tended to be stable once the confining pressure reached 20 MPa.

Figure 14: Relationship curve between mass flow and confining pressure

Fig. 15 presents the permeability of the model at various confining pressures. As shown in
the fitting curves by the Levenberg-Marquardt least squares algorithm, the relationship between
permeability and confining pressure followed the first-order exponential function with decreasing
trend (R2 > 0.99). The permeability decreased by 91.8% as the confining pressure was rosed from
10 to 40 MPa. The simulation results aligned well with the permeability test results. The relationship
between permeability loss (the ratio of permeability reduction to initial permeability) and confining
pressure of the model was shown in Fig. 16. The permeability loss of tight sandstone increased with the
confining pressure, which was also consistent with the seepage behaviors observed in the four groups
of rock samples tested. The results show the reliability of the finite element model and the fluid-solid
coupling model of the digital core in this study.
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Figure 15: Relation curve between permeability and confining pressure

Figure 16: Comparison between experimental and numerical simulation results

4.2 The Effect of Seepage Pressure on Seepage Characteristics
While the outlet pressure was maintained at atmospheric pressure, seven inlet pressures (i.e.,

1, 10, 20, 30, 40, 50, and 60 MPa) were used to study the effect of seepage pressure on seepage
characteristics. Seepage pressure is regarded as the difference between the inlet and outlet pressure.
Since the outlet pressure is atmospheric pressure, the seepage pressure is equivalent to the inlet pressure.
Fig. 17 illustrates the Von Mises stress distribution within tight sandstone under a confining pressure of
20 MPa with different inlet pressures (i.e., 10, 20, 30, and 40 MPa). Clearly, there was a uniform stress
distribution under low seepage pressure. When the inlet pressure reached 10 MPa, the stress in the
matrix phase was approximately 10 MPa. The stress within the sandstone increased with increasing
seepage pressure, exceeding 25 MPa when the inlet pressure reached 40 MPa. Meanwhile, the stress
decreased gradually with distance from the bottom of the model. Although the inlet fluid pressure
gradually increased, the stress at the model’s bottom changed little due to the constant outlet pressure.
Additionally, stress is concentrated at the junction of the pore phase and matrix phase, as stated
Section 4.1. While the fluid pressure had little impact on the stress in the concentration region, the
stress level remained relatively unchanged (above 30 MPa).

Fig. 18 shows the distribution of fluid flow velocity in the matrix phase at different inlet pressures.
When inlet pressure was 10 MPa, the maximum fluid flow velocity (i.e., 3.41 × 10−3 m/s) occurred in
the region with a high-pressure gradient, which close to pore phase. The flow velocity inside the matrix
phase was around 2 × 10−4 m/s. As the seepage pressure increases, the high flow rate region gradually
expanded to the matrix phase. Therefore, the flow velocity inside the matrix phase was also improved.
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The maximum flow velocity reached 1.56 × 10−2 m/s under the inlet pressure of 40 MPa. And the flow
velocity inside the matrix phase was above 5 × 10−4 m/s. As seepage pressure increased, the overall fluid
flow velocity within the sandstone also rose, especially near the pore phase. This observation reinforces
the earlier conclusion that fluid flow velocity is positively correlated with the pressure gradient.

The damage and elastic modulus distribution in sandstone at 40 and 50 MPa inlet pressure (i.e.,
seepage pressure) were shown in Figs. 19 and 20, respectively. The damage was defined by the amount
of elements with irreversible deformation divided by the total amount of elements. It can be seen
that the damage began to generate at the entrance of the fluid under high seepage pressure, which
corresponded to the high-stress region in Fig. 17. With the increase of seepage pressure, the damage
propagated along the pore phase wall. The damage penetrated and fully developed at the model’s top
under the seepage pressure of 50 MPa, but only existed in the region with high stress. Therefore, the
elastic modulus of the sandstone had a significant decrease. The damaged area experienced a 41.1%
reduction in elastic modulus. The elastic modulus of the stress concentration region in the pore phase
wall and rock top dropped below 8 and 6 GPa, respectively.

(a) Seepage pressure of 10 MPa (b) Seepage pressure of 20 MPa

(c) Seepage pressure of 30 MPa (d) Seepage pressure of 40 MPa

Figure 17: Von Mises stress distribution
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(a) Seepage pressure of 10 MPa (b) Seepage pressure of 20 MPa

(c) Seepage pressure of 30 MPa (d) Seepage pressure of 40 MPa

Figure 18: Flow velocity of the matrix phase

(a) Seepage pressure of 40 MPa (b) Seepage pressure of 50 MPa

Figure 19: Damage distribution
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Figure 20: Elastic modulus distribution

Fig. 21 illustrates the correlation between elastic modulus and seepage pressure. There was almost
no change in the elastic modulus when the seepage pressure was below 20 MPa. However, the elastic
modulus decreased when the seepage pressure exceeded 30 MPa, with the decrease rate increased.
As the seepage pressure reached 60 MPa, the elastic modulus of the sandstone decreased to 9.5 GPa.
Apparently, the improved seepage pressure caused increased damage under fluid-solid coupling, which
resulted in a decrease in the elastic modulus.

Figure 21: The elastic modulus of rock under different seepage pressure

Fig. 22 shows the rock permeability under different seepage pressure. It demonstrates a gentle
increase in rock permeability when the seepage pressure is below 30 MPa. Obviously, the rock perme-
ability had little change during this stage. The seepage behavior followed linear Darcy flow. However,
the permeability increased by 18.6% when the seepage pressure exceeded 30 MPa. The increase could
be attributed to the generation and propagation of the rock damage. As the seepage pressure increased,
the damage propagated to the surrounding regions, significantly increasing permeability.

It is worth noting that the constitutive equation and simulation in this paper simplify the flow as a
single-phase flow, whereas the actual reservoir production process involves multiphase flow. Research
on the fluid-solid coupling effects of rock in tight reservoirs at the micro level are scarce, and reports
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based on real pore structures are even rarer. Rock in tight reservoirs typically exhibits low porosity, low
permeability, and a complex pore structure. However, the seepage characteristics and the interaction
between the seepage field and stress field have not been fully elucidated. Therefore, this represents a
critical area for future research on multiphase flow’s downstream solid-state coupling effects at the
microscopic scale.

Figure 22: The permeability of rock under different seepage pressure

5 Conclusion

This study proposed a fluid-solid coupling model to explore the micro-scale seepage character-
istics of tight sandstone. Triaxial compression and permeability tests were performed to determine
the mechanical and seepage characteristics. A digital core was built from CT scanning results and
was divided into matrix and pore phases based on a 40 μm threshold for pore equivalent diameter.
The effects of confining pressure and seepage pressure on seepage characteristics under fluid-solid
coupling were analyzed. The following conclusions can be drawn:

a) The number of pores decreased with the increasing equivalent diameter. Pores smaller than
5 μm in diameter exceed 6 × 104, accounting for 32.5% of the total. Pores smaller than 10 μm in
diameter accounted for 73.2% of the total, while pores between 10 and 30 μm in diameter decreased by
more than an order of magnitude. Pores larger than 40 μm account for less than 1%. In tight sandstone,
excluding nanopores, the primary pores were smaller than 40 μm in diameter, and pores larger than
100 μm are rare. The pore structure was divided into micro-pores (less than 40 μm) together with the
larger pores and cracks, with the former uniformly distributed and the latter exhibited complex shapes
and distributions.

b) The crack and pore wall exhibiting high flow velocity, especially in the matrix phase between
cracks and pores. With the confining pressure increased, the porosity and flow velocity of tight
sandstone decreased. When the confining pressure increased from 10 to 40 MPa, the porosity decreased
by 17.9%, and the average flow rate of the rock decreased by 7%. However, there was an increase in
permeability in the local region with large damage. Compared with the matrix phase, the permeability
of the pore phase was more sensitive to the confining pressure.

c) The pore phase was the dominant channel of seepage flow. The cracks and large pores closed
first as the confining pressure increased, resulting in a steep drop in permeability. However, the
permeability decreased slightly under high confining pressure. The relationship between permeability



EE, 2025, vol.122, no.2 557

and confining pressure followed a first-order exponential function with a decay function. As the
confining pressure rose from 10 to 40 MPa, the permeability reduced by 91.8%.

d) Flow velocity increased with seepage pressure, extending into the matrix phase, while a notable
rise occurred near the pore phase. Damage was primarily concentrated in stress areas under low
seepage pressure, resulted in little changes to rock permeability, with the seepage behavior following
linear Darcy flow. At high seepage pressure, the damage initiated at the seepage entrance and spread
along pore walls, reduced rock elastic modulus and significantly increased permeability. Specifically,
as seepage pressure rose from 5 to 50 MPa, the elastic modulus in the damaged area decreased by
41.1%, while permeability increased by 18.6%.
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