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Abstract: This study presents an avant-garde approach for predicting and optimizing production in tight reservoirs, employing a dual-medium unsteady seepage model specifically fashioned for volumetrically fractured horizontal wells. Traditional models often fail to fully capture the complex dynamics associated with these unconventional reservoirs. In a significant departure from these models, our approach incorporates an initiation pressure gradient and a discrete fracture seepage network, providing a more realistic representation of the seepage process. The model also integrates an enhanced fluid-solid interaction, which allows for a more comprehensive understanding of the fluid-structure interactions in the reservoir. This is achieved through the incorporation of improved permeability and stress coupling, leading to more precise predictions of reservoir behavior. The numerical solutions derived from the model are obtained through the sophisticated finite element method, ensuring high accuracy and computational efficiency. To ensure the model’s reliability and accuracy, the outcomes were tested against a real-world case, with results demonstrating strong alignment. A key revelation from the study is the significant difference between uncoupled and fully coupled volumetrically fractured horizontal wells, challenging conventional wisdom in the field. Additionally, the study delves into the effects of stress, fracture length, and fracture number on reservoir production, contributing valuable insights for the design and optimization of tight reservoirs. The findings from this study have the potential to revolutionize the field of tight reservoir prediction and management, offering significant advancements in petroleum engineering. The proposed approach brings forth a more nuanced understanding of tight reservoir systems and opens up new avenues for optimizing reservoir management and production.
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1  Introduction

In recent years, the proportion of new proven reserves in sand conglomerate reservoirs has been increasing every year, and the development of sand conglomerate reservoirs is gradually gaining attention. A conglomerate is a rock formed by the sedimentation of rock fragments, which mainly consists of a matrix connecting the pebbles in the conglomerate and the pebbles compacted in the conglomerate. Due to its dense lithology and low permeability, large-volume fracturing is required to open the oil and gas seepage channel when exploiting the conglomerate reservoir.

Analytical models for predicting the volumetric production of fractured horizontal wells are typically based on more assumptions. Trilinear flow models have been pioneered in fractured horizontal well seepage studies [1]. A practical solution for the pressure transient response of fractured horizontal wells in unconventional reservoirs based on trilinear seepage models considering unconventional oil and gas seepage characteristics has been proposed [2]. An analytical model for fracture optimization was developed by modeling the physics of multiple lateral hydraulically fractured fractures in horizontal wells [3].

Modified hyperbolic decline, power-law exponential decline, stretched exponential decline, Duong’s method, and logistic growth model have been developed to predict production in shale reservoirs. However, they are all based on empirical observations of a particular scenario. To quantify their differences, different methods of history matching for production of unconventional hydraulically fractured reservoirs were investigated by forecasting future production and predicting EURs [4]. A mathematical model has been developed [5], Stimulated Reservoir Volume (SRV) by simulating the shale fracturing process. It is shown that multiple fractures propagate simultaneously, perturbing formation stresses and increasing reservoir pressures. The SRV is estimated from the volume of the natural fracture zone where tensile or shear damage occurs. The SRV is estimated from the volume of the natural fracture zones where tensile or shear failure occurs. Using variable-width conductivity fractures as the basic flow units, a mathematical model of flow with numerous horizontal wells was developed that accounts for well-fracture interference [6]. Simulations show that for the same perforation clusters, refracturing between existing fracture sections, orientation diversion within fractures, extended refracturing, and refracturing of existing fractures contribute the most to productivity from large to small; and the later the refracturing time, the shorter the effective time.

Based on this, the fracture pressure prediction model, which considers the variation of formation pressure, was used to determine the variation pattern of fracture pressure at different production periods and locations [7]. To investigate the contribution of microfractures to well productivity and the influence of dynamic capillary pressure on oil-water phase flow in tight oil reservoirs, a semi-analytical model is presented and solved by considering hydraulic fracture interference. This research aims to provide an integrated apparent permeability model for multiscale seepage mechanisms [8]. Nguyen et al. [9] proposed a semi-analytical multiphase method applicable to the study of water return and early gas production data of multi-fractured horizontal gas wells. As a result of conglomerates, seepage properties become more complex, and predicting production following volume fracturing is challenging. To tackle this problem, a two-component unsteady seepage model was designed to account for both matrix seepage and distinct fracture network seepage, taking into consideration the triggering pressure gradient [10]. In order to examine the near-well seepage behavior of volume fractured horizontal wells in unconventional tight formations, a regional production forecasting model for these wells in tight reservoirs has been constructed, drawing on the physical model of volume fractured horizontal wells [11].

Its seepage properties are more complex due to the presence of conglomerate, and its production after volume fracturing is difficult to predict. The presence of conglomerates complicates seepage properties within geological formations due to factors such as heterogeneity, anisotropy, irregular pore spaces, tortuosity, and variable cementation. These characteristics result in complex and unpredictable fluid flow patterns, making it challenging to accurately model and predict seepage behavior. Zeng et al. [12] investigated the effect of fracturing on the formation of sandstone reservoirs with limited permeability. The Warren & Root model describes an infinitely tight fractured reservoir with vertical hydraulic fractures [13]. Vogler et al. [14] investigated the feasibility of replicating real rock specimens to analyze rock mechanical behavior by subjecting several similar specimens to tensile tests and various analyses [15]. Using semicircular bend (SCB) specimens, the effect of temperature on the mixed mode (I + II) and mode II fracture toughness of sandstone is investigated to analyze its fracture toughness. Considering the deterioration process of sandstone’s bond strength, the reported strength decrease was successfully reproduced using Particle Flow Code 3D. For the same type of reservoir, the stimulation effect was superior to the standard horizontal well fracturing method, the production was higher, and the stable production period was longer. The fracturing effect of this reservoir was enhanced by Wu et al. [16]. The cracking behavior from the tip of an artificial notch during straight through notch SCB and cracked chevron notch SCB tests is investigated by the extended finite element method (XFEM) using the commercial finite element software ABAQUS to elucidate the crack front geometry during the cracking process [17].

Adopt core experiment and theoretical analysis method, combined with fracture engineering geological characteristics and design parameters, to analyze the fracture penetration criterion and investigate the effect of design factors and reservoir geological characteristics on the law of fracture penetration [18]. Obara et al. [19] investigated the effect of acidic brine on the displacement of an artificial fracture under stress in dolomitic and clay-cemented Bandera Gray sandstone. Zhang et al. [20] obtained the transient analytical solutions of both the fluid pressure drop generated by the artificial barrier and the equivalent permeability between the artificial barrier and the reservoir at various positions of the hydraulic fracture tips, elucidating the parameters that influence the plugging effect of the diverting agent on the tips. The complicated lithological properties of sand aggregates and the influence of fluid-solid coupling on the production during the production process have been the subject of only a few studies. There are more studies on the production change after volume fracturing of horizontal wells in conventional tight reservoirs [21,22]. However, there are fewer studies on the complex lithological characteristics of the tight reservoirs themselves and the effect of fluid-solid coupling on production. No improvements have been made to the fluid-solid coupling effect that distinguishes tight reservoirs from conventional reservoirs, and there are problems in accurately describing the production law of actual sand and gravel reservoirs where fluid-solid coupling exists.

This paper uses the established volumetric fractured horizontal well model as a foundation. The actual flow-solid coupling effect on production is considered, and the permeability-stress coupling relationship of tight is improved to make the model results more realistic.

2  Mathematical Model

Based on previous studies, it is believed that the reservoir area for a general volumetric fractured horizontal well consists of two parts: the reservoir matrix-naturally fractured (unmodified) zone, and the artificially fractured (modified) zone [23]. In this study, the concept of a dual-medium system is employed to accurately model fluid flow behavior, wherein fractures serve as high-permeability pathways and the matrix acts as a low-permeability storage medium.

Assumed conditions: (1) Block reservoir, thickness h. (2) Outer boundary is closed and natural fractures exist. (3) Rock and fluid are slightly compressible. (4) Seepage process does not consider the effect of gravity and temperature change.

2.1 Mathematical Model of Seepage Flow in Fractured Horizontal Wells

The matrix system considers the initiation pressure gradient and the fluid equation of motion is

vm=Kmu(∇Pm−λ)(1)

where Km is the matrix permeability, µm2; vm is the fluid percolation velocity in the matrix, 10−3 m/s; u is the fluid viscosity, mPa·s; ∇Pm is the matrix system pressure gradient, MPa/m; λ is the matrix initiation pressure gradient, MPa/m; the equation of state concerning the rock framework and fluid within the matrix system:

ϕ=ϕoe−Cp(Pi−Pm),ρ=ρoe−CL(Pi−Pm)(2)

where ϕ, ϕo is the matrix porosity and original formation porosity, %; Cp, CL represents the compression coefficient of fluid and pore space, MPa−1; Pi is the original formation pressure, MPa; ρ, ρo is the fluid density and original fluid density, kg/m3.

Taking into account the equation of motion (1) and the equation of state (2) for structuring, and incorporating the damping flow, the resulting differential equation governing the single-phase, slightly compressible fluid seepage in the matrix can be derived as follows:

∇2Pm−λCL∇Pm−ϕmμCmKm∂Pm∂t−αs(Pm−Pf)=0(3)

where αs=Lm/12 is the shape factor, which is related to the matrix block size; Lm is the matrix block size, m; Cm is the matrix integrated compression coefficient, MPa−1 Cm=Cp+CL; ϕm is the matrix porosity; Pf is the fracture system pressure, MPa.

Within an artificial fracture, the fluid seepage in it obeys Darcy’s law, so its controlling equation can be expressed as

∇2Pf−ϕfμCfKf∂Pf∂t=0(4)

where Kf is the artificial fracture permeability, µm2; ϕf is the artificial fracture porosity; Cf is the artificial fracture compression coefficient, MPa−1.

The matrix pressure boundary condition is the second type of boundary condition, and the crack system pressure boundary equals the matrix pressure boundary.

2.2 Fractured Horizontal Well Stress Field Model

The following assumptions are made: (1) the rock undergoes deformation as a porous medium; (2) rock particles are incompressible while particle pores are compressible; (3) temperature change effects on rock deformation are disregarded; (4) rock deformation exhibits elastic-plastic minor deformation; (5) the pore compressibility factor is variable. The stress field’s mathematical model primarily includes the current constitutive equations, geometric equations, equilibrium differential equations, and boundary solution conditions.

In this paper, the elastic-plastic intrinsic equation is used to describe the stress and strain intrinsic relationships during the stressing of the rock, and the tensor expression is

dσij=Dijkldεkl(5)

where dσij is the effective stress increment; Dijkl is the elastic-plastic coefficient matrix tensor; dεkl is the strain increment.

The geometric relationship equation mainly refers to the relationship between displacement and strain during the deformation of reservoir rocks. The following tensor form describes it:

εij=12(udi,j+udji)(6)

where εij is the strain tensor and ud is the displacement component.

The following equation can express the equilibrium differential equation for a unitary body’s stress and volume force:

σij,j+fi=0(7)

where fi is the volume force on one side; σij,j is the total stress in the reservoir rock.

2.3 Seepage Field-Stress Field State Cross-Coupling Model

To establish the dynamic interrelation between permeability and stress in tight reservoirs, this study incorporates three key parameters: Poisson’s ratio, initial permeability and Young’s modulus [10].

α=c1αE+c2αk+c3αv(8)

where α is the effective stress sensitivity factor, MPa−1; αE=1.465−0.3553lnE, E is Young’s modulus, GPa; αk=0.4834Ko−0.3422, αv=ln⁡υ, υ is the Poisson’s ratio.

c1, c2 and c3 are the influence coefficients of the three, respectively.

The coupled model for the permeability and effective stress of the target layer is

Kf=Kfoexp⁡[−0.087(σn−P)](9)

where Kf is the network fracture permeability; P is the fluid pressure, MPa; σn is the fracture face positive stress, MPa.

The porosity deformation of a tight reservoir is more complex, and the coupled model of porosity in this paper is

ϕ=ϕo+εv1+εv(10)

where ϕ is the porosity, %; ϕo is the initial porosity, %; εv is the volume strain.

The oil-water two-phase flow simulation of shale reservoirs can be realized by solving sequentially.

3  Algorithm Validation

This paper solves the above equations by substituting them into COMSOL Multiphysics software. The fractured horizontal well in a conglomerate reservoir is numerically simulated with a reservoir size of 1000 * 800 m2, a fracture network cluster spacing of 30 m, half-length, and bandwidth of 200 and 8 m. The volume fracture zone is encrypted and refined, the maximum cell size at the fracture face is set to 0.1 m, and the flow pressure at the bottom of the horizontal well is set to 20 MPa. The actual reservoir geological parameters and horizontal well data in the model are adopted from the actual destination block data. The grid outline is shown in Fig. 1. The number of grids after triangular dissection is 11093. The relevant parameters are shown in Tables 1 and 2.
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Figure 1: Geometric model diagram
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The parameters were substituted into the model and solved for the pressure variation, as shown in Fig. 2. The magnitude of pressure variation is horizontal well near wellbore area > volumetric fracture modified zone > matrix unmodified zone. Meanwhile, the change in formation fluid flow rate is shown in Fig. 3, and the arrows in the figure reflect the direction of formation fluid flow. Looking at the broader perspective, fluid flow in the reservoir initially takes place in the vicinity of the wellbore, where the flow rate is more rapid. The fluid flows away from the fracture modification zone and matrix recharge inflow fluid and into the wellbore, and the whole formation fluid flow is oval around the horizontal wellbore.
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Figure 2: Pressure
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Figure 3: Daily oil production rate

The actual production curves of the well were fitted for comparative analysis, as shown in Fig. 3. The correlation coefficient between the results considering fluid-solid coupling and real data is 0.91, while the coefficient for the curve without considering coupling is 0.88. The figure demonstrates that the actual daily oil production and the simulation outcomes from the fluid-solid coupling model have a smaller margin of error. This is more precise than conventional numerical simulators that do not account for fluid-solid coupling. Consequently, the fluid-solid coupling model for fractured horizontal wells in sand and gravel reservoirs, as developed in this study, can be employed to forecast production changes in horizontal wells within real-world fields.

4  Sensitivity Analysis

4.1 Effect of Stress Sensitivity

The fluid-solid coupling model for tight reservoirs, established earlier, reveals that the primary influence on fluid-solid coupling in the reservoir stems from alterations in pore permeability properties due to pressure fluctuations during the production process. Among these factors, permeability changes are more significant. The effective stress sensitivity factor is a parameter that represents the impact of stress variations on permeability, taking into account the comprehensive rock mechanical properties of the tight reservoir. Using the developed model, a single-factor analysis is conducted with actual parameters while maintaining flow pressure at 20 MPa and keeping other parameters constant. Fractures are set as inclined fractures. The simulation assesses the influence on oil production for various stress sensitivity coefficient scenarios.

As shown in Fig. 4, well oil production rate (WOPR) decreases as the stress sensitivity factor increases. As illustrated in Fig. 5, this is mainly because reservoir permeability, especially the initial permeability of the SRV zone modified by volume fracturing, is higher due to stress effects. With stress changes, permeability loss is larger, resulting in reduced production. Within the parameter range provided in this paper, the impact of the stress sensitivity factor is not significant at the beginning of production. However, approximately 50 days after production, the stress sensitivity coefficient ranges from 0.02 to 0.08 MPa−1, with production decline noticeably slower at 0.02 MPa−1. Fig. 6 presents the pressure distribution maps at 100 days under these four stress sensitivity coefficients. It can be observed that the higher the stress sensitivity coefficient, the more pronounced the pressure at the matrix. Hence, throughout the production process, managing stress sensitivity is essential to minimize the influence of fluid-solid coupling effects on production.
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Figure 4: WOPR under different effective stress sensitivity factors
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Figure 5: FOPT under different effective stress sensitivity factors
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Figure 6: Pressure distribution under varying stress sensitivity factors

4.2 Effect of Fracture Half-Length

Volume-based hydraulic fracturing in horizontal wells forms an SRV (Stimulated Reservoir Volume) zone around the wellbore, allowing for the production of a large volume of fluids. The size of the SRV zone significantly impacts production. By extending the fracture length, the reservoir area can be effectively expanded, greatly influencing the production rate of horizontal wells.

Fig. 7 demonstrates that the FOPT substantially increases as the fracture half-length grows. However, as the fracture length increases linearly, the rise in cumulative oil production diminishes. For instance, the FOPT increases by 6000 m3 when the fracture half-length expands from 100 to 150 m, but only by 2700 m3 when it extends from 200 to 250 m. Fig. 8 indicates that at 300 days, the matrix pressure drops to around 25 MPa when the fracture half-length is 250 m, while it remains at approximately 32 MPa when the half-length is 100 m. It is evident that the initial oil production rate is higher with a longer fracture half-length. However, due to the rapid pressure decline, the stabilization period for production is also shorter. Given the economic costs of oil field fracturing, there is potential for optimizing the fracture length.
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Figure 7: FOPT with different fracture half-length cases
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Figure 8: Pressure distribution under different fracture half-length

4.3 Effect of Fracture Number

The size of the SRV zone has a significant impact on production, and the number of fractures is another crucial parameter controlling the size of the SRV zone. By creating more fractures, the seepage around the wellbore can be effectively enhanced, offering considerable advantages for initial oil production. Nevertheless, in cases where the length of horizontal well sections is limited, increasing the number of fractures may cause interference issues between fractures, affecting the production of horizontal wells. Therefore, the changes in production are studied by constructing different numbers of fractures.

As illustrated in Figs. 9 and 10, the number of fractures has a more considerable influence on the early production of horizontal wells. This is likely because, during the initial production phase of horizontal wells, crude oil is mainly supplied from the SRV zone to the horizontal wellbore, while it comes from the reservoir matrix at later number. The unaltered reservoir matrix has low seepage conditions, leading to relatively weaker oil supply production and minor differences in daily output during later fracture number. Nevertheless, even though the total number of fractures per increases linearly, the growth in cumulative production decreases. With 4 and 5 fracture number, the production remains relatively stable. When the number of fracture bars increased from 2 to 3, the cumulative oil production increased by 6,000 m3, an increase of 12.5%. In contrast, when the number of fractures increased from 4 to 5, the cumulative oil production increased by only 1000 m3, an increase of only 1.8%.
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Figure 9: WOPR with different fracture number
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Figure 10: FOPT with different fracture number

As observed from the pressure distribution comparison in Fig. 11, the decline in matrix pressure becomes more noticeable with an increasing number of fractures. However, when the number of fractures is 4 or 5, the matrix pressure remains around 28 MPa.
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Figure 11: Pressure distribution under different fracture number

4.4 Effect of Matrix Permeability

Alongside stress sensitivity, fracture half-length, and the number of fractures, permeability stands as a pivotal geological parameter impacting fluid dynamics within the reservoir. In Section 4.4, we extend our sensitivity analysis to explore the influence of matrix permeability on well productivity and reservoir behavior.

As demonstrated in Fig. 12, variations in WOPR are distinctly observable at different matrix permeabilities. Specifically, WOPR shows a marked increase when matrix permeability transitions from 1 to 2 mD but begins to plateau beyond 3 mD, indicating diminishing returns at higher permeabilities. Fig. 13 elucidates the impact on FOPT, wherein a 1 mD increase in permeability results in a 5% enhancement in cumulative oil production. The pressure distribution field, depicted in Fig. 14, reveals that higher permeability levels lead to a more even pressure distribution across the reservoir, thus potentially alleviating issues related to pressure drops. These findings corroborate the pivotal role of matrix permeability alongside other geological parameters like stress sensitivity, fracture half-length, and fracture numbers. Given these observations, a strategic manipulation of matrix permeability could serve as a significant lever in optimizing well design and reservoir management.
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Figure 12: WOPR with different matrix permeability
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Figure 13: FOPT with different matrix permeability
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Figure 14: Pressure distribution under different matrix permeability

5  Conclusion

This study focuses on the problem of mutual coupling of stress and seepage fields in tight reservoirs during the development process. To address this issue, a flow-solid coupling model was developed for volumetrically fractured horizontal wells in dense sandy conglomerate reservoirs. The model was based on the cross-coupling relationship of permeability stress, which was improved through seepage mechanics, rock mechanics, and numerical model analysis.

The primary findings of this study include the following. First, the model takes into account the dual medium composed of a fracture network and matrix by integrating artificial fractures. Second, a production prediction model was developed and its accuracy was validated by comparing it with real production wells through finite element numerical simulation. Third, the fluid-solid coupled model was employed to assess the impact of various factors on reservoir production, such as stress sensitivity, fracture length, and the number of fracture clusters.

The results show that the productivity of horizontal wells is negatively affected by the increase of stress sensitivity coefficient. When the coefficient is 0.02 MPa−1, the production reaches its maximum. The trend of cumulative oil production increase with fracture length becomes more evident, achieving the maximum production when the fracture length is 250 m. Within the range of fracture number provided in this study, although more fracture number lead to an increase in cumulative oil production, well interference may also occur.

In this study, sensitivity analyses reveal that stress sensitivity, fracture half-length, number of fractures, and matrix permeability emerge as critical factors influencing the productivity of horizontal wells in tight reservoirs. Specifically, a stress sensitivity coefficient of 0.02 MPa−1 slows the production decline significantly, while fracture half-length shows diminishing returns in FOPT beyond 250 m. The number of fractures has a more considerable impact on early production, with diminishing incremental gains beyond 4 fractures. Matrix permeability, as detailed in Section 4.4, exhibits a non-linear relationship with both WOPR and FOPT, indicating an optimal permeability range for maximizing production. Therefore, an integrated consideration of these four parameters is crucial for the optimization of well design and reservoir management.
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OEBPS/Images/table-1.png
Table 1: Summary of reservoir parameters

Parameter Value Parameter Value

Reservoir size (m?) 1000 % 800 Horizontal well length (m) 700

Initial formation pressure (MPa) 50 Fluid density (kg/m?) 800

Fluid viscosity (mPa-s) 6 Fluid compression coefficient 0.001
(MPa™)

Pore compression coefficient 0.00075 Fracture compression coefficient ~ 0.0075

(MPa™) (MPa™)

Matrix porosity 0.07 Fracture porosity 0.38

Initiation pressure gradient 0.01 Matrix permeability 1.89

(MPa/m) (107% pm?)

Bottom of well flow pressure 20 Fracture permeability 1890

(MPa) (107 um?)

Fracture half-length (m) 200 Fracture width (m) 0.01
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Table 2: Stress field model parameters

Parameter Value Parameter Value
Maximum principal stress (MPa) 50 Minimum principal stress (MPa) 20
Matrix Young’s modulus (GPa) 44 Fracture Young’s modulus (GPa) 20
Matrix solid density (kg/m?) 2000 Rock Poisson’s ratio 0.24
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